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APPENDIX 4.13-REL 

RELIABILITY ANALYSIS OF MODERNIZATION PROJECT 

CHANGES  

1.1 OVERVIEW 

Refinery Operations include processing flammable crude and gas oils in various 
process units that involve heat, pressure, and chemical reactions. Refinery 
Operations also require storage and internalized pipeline transportation of 
petroleum and other hazardous materials. As discussed in the EIR, Section 4.13, 
Public Safety, in recent years two refinery fires at the Chevron Richmond Refinery 
(Facility) have resulted from pipeline corrosion, attributable at least in part, to 
processing higher concentrations of sulfur in high-temperature Refinery 
Operations—i.e., high-temperature sulfidation (HTS). This is one type of “damage 
mechanism” that is known to occur in refineries, based on their operations, but 
there are other known mechanisms that can also cause damage to refinery 
equipment. This technical appendix provides background on how damage can 
occur from the operation of a refinery, assesses the potential for increased risk 
of damage occurring from the physical, operational, and feedstock changes 
proposed as part of the Modernization Project, and makes recommendations on 
steps that can be taken to reduce the risks from these changes.  

“Damage mechanisms” are those phenomena that cause the degradation of 
materials, based on exposure to their environment. For the purposes of this 
report, the damage mechanisms include those corrosion processes, cracking 
mechanisms, and mechanical and metallurgical changes to a material that result 
in a loss of function or a pressure boundary release to atmosphere.  

1.2 SCOPE AND METHODOLOGY 

The City of Richmond retained the author of this report—a refinery corrosion 
expert (Reviewer)—to conduct a reliability analysis (Reliability Analysis) to 
identify and evaluate the risks that may result from Modernization Project 
operational and feedstock changes.1 The Reliability Analysis was not limited to 
the new and modified units associated with the Project. The Reliability Analysis 
considered all units, process, and ancillary equipment at the Facility that may be 
affected by Modernization Project operational and feedstock changes. Units and 
equipment that would not be affected physically, operationally, or from changing 

                                               
1 The potential risks associated with the physical changes of the Modernization Project are 
outside the scope of this Review and are analyzed in the EIR, Section 4.13, Public Safety. 
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characteristics of crude and gas oils associated with the Modernization Project 
were identified and eliminated from further reliability analysis. 

The methodology for this Reliability Analysis was based on an approach whereby 
the Reviewer and City’s technical consultants conducted interviews with and 
reviewed information provided by Facility and Chevron Technical Department 
subject matter experts (SMEs) from several technical disciplines including 
Process Engineering, Technical Department Materials and Equipment 
Engineering, and refinery Materials Engineering personnel, with support from 
other departments, as needed. Based on discussions and interviews with Chevron 
personnel and review of relevant documents, the methodology for conducting 
the Review for the Modernization Project included the following steps: 

1. Determine the post-Modernization Project operating conditions; 

2. Identify the potential damage mechanisms that would result from the 
Modernization Project operating conditions, and identify the units and 
equipment that potentially would be impacted by these damage mechanisms;  

3. Evaluate the potential impact of the identified damage mechanisms on fixed 
equipment, piping, and piping components under post-Modernization Project 
operating conditions; and  

4. Recommend measures to reduce the potential impacts of new or increased 
damage mechanism activity that could result from the Modernization Project. 

The first step in the Reliability Analysis—identifying the post-Modernization 
Project operating conditions—was accomplished by conducting interviews with 
Chevron SMEs and collecting and reviewing relevant documentation containing 
information on process temperature and pressure changes, Modernization 
Project physical changes, changes in crude and gas oil sulfur content, increases 
in Hydrogen Sulfide (H

2
S) and ammonium bisulfide in sour water and sour gas 

streams and process monitoring tools. The Reliability Analysis identified the 
following Modernization Project changes in operating parameters and feedstock 
characteristics relevant to the damage mechanism evaluation: 

 Increased sulfur content (wt. %) in feedstocks (crude and gas oils); 

 Increased hydrogen (H
2
) purity (partial pressure) produced from a new 

hydrogen plant; 

 Increased H
2
S partial pressures in refinery processing units where the sulfur 

in the crude is either intentionally, or as a by-product of other reactions, 
converted to other sulfur containing compounds;  

 Increase in nitrogen content based on a moderate to strong statistical 
relationship found between API gravity in the intermediate-light gravity range 



MARCH 2014 CHEVRON REFINERY MODERNIZATION PROJECT EIR 
 APPENDIX 4.13-REL 

 
 
 

A4.13-REL-3 

(between 28 and 40 API) and nitrogen content and a weak correlation 
between sulfur and nitrogen content as described in Appendix 4.3-MET; and  

 Increased ammonium bisulfide content of high severity hydroprocessing/sour 
gas streams based on the sensitivity analysis for nitrogen at 1877 ppm. 

Increased Facility operational utilization from 89% up to 93% and possibly to 
100% of Title V permitted levels was also evaluated in the context of damage 
mechanism activity. However, because impacts from damage mechanisms are 
estimated based on “full utilization” (i.e., constant exposure to the environmental 
factor causing the degradation), changes in utilization were considered to be 
negligible for purposes of evaluating risk.  

For purposes of analyzing the characteristics of different crude oil blends and 
gas oils that might be processed at the Facility in post-Modernization Project 
operating conditions, and the risks associated with those different feedstocks, 
the Review considered two theoretical crude oil blends. First, the Review 
identified a benchmark crude analytical case—referred to as the "P-50" case—
representing a crude oil blend with approximately 2.38 wt. % sulfur and 32.3 API 
gravity.2 In addition, this Review evaluated an analytical "P-90" case, representing 
a crude oil blend with approximately 3.28 wt. % sulfur and 28.4 API gravity.3  

While the P-50 case is representative of reasonably foreseeable Modernization 
Project conditions, the P-90 case represents an extreme scenario that is not likely 
to materialize in post-Modernization Project operating conditions. The Reviewer 
was provided information indicating that the Facility would not likely be able to 
process a crude blend similar to the P-90 case due to other Facility constraints, 
such as the sulfur removal capacity limitation and permitted capacity of units 
such as the solvent de-asphalting unit (SDA unit). These constraints would likely 
require decreasing the Facility's utilization rate when the sulfur content of 
feedstocks increases. 

Temperature was discussed and determined not to be a variable changing as a 
result of the Modernization Project. Therefore, it is not included in this Reliability 
Analysis, other than in the context of its ongoing role in damage mechanisms 
already present in baseline operating conditions such as high temperature 
sulfidation. 

Finally, because the Modernization Project may result in a slight decrease in 
crude oil gravity post-Project, and because gravity and nitrogen have been found 

                                               
2 This P-50 case roughly approximates the URM "project crude blend" of 31.6 API gravity 
and 2.5 wt. % sulfur identified in Appendix 4.3-URM for purposes of the air quality 
impacts analyzed by the EIR. 
3 The characteristics of this P-90 case generally correspond to the "heaviest crude blend" 
and the "most sour crude blend" cases in Appendix 4.3-URM. 
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to correlate in Appendix 4.3-MET, this Reliability Analysis evaluated a 
conservative scenario of processing a crude oil blend with 1877 ppm nitrogen. 
Chevron was unable to identify a crude blend in the intermediate-light gravity 
range that approximated the 1877 ppm nitrogen number, so instead 
conservatively increased the 1596 ppm nitrogen level of a crude blend used in 
Appendix 4.3-URM with 30.3 API gravity and 2.35 wt% sulfur. Given the need to 
artificially increase the nitrogen level of the crude blend for analytical purposes, 
it is not reasonably foreseeable that such high-nitrogen blend would be 
processed post-Modernization Project due to design constraints that limit the 
Facility's ability to process crudes outside of the intermediate-light gravity range 
on a sustained basis. 

The specific methods by which the Reviewer determined which process units and 
associated equipment and piping may be impacted by Modernization Project are 
discussed in detail in subsequent sections. The primary basis for the 
identification of damage mechanisms that might be implicated by the 
Modernization Project was consideration by the Reviewer of API-571 - Damage 
Mechanisms Affecting Fixed Equipment in the Refining Industry. In addition, the 
Reviewer relied on his extensive experience in refinery damage mechanisms to 
identify additional damage mechanisms that are not listed in API-571 for 
evaluation as a part of this Reliability Analysis. Additional details regarding the 
identification of damage mechanisms for purposes of this Reliability Analysis are 
included in subsequent sections of this Appendix.  

1.3 BACKGROUND ON DAMAGE MECHANISMS IN REFINERY 
OPERATIONS 

1.3.1 General Description of Hazards Associated with Refinery 
Operations 

Crude oil is a complex mixture of thousands of different hydrocarbons and 
varying amounts of other compounds containing sulfur, nitrogen, and oxygen, as 
well as salts, trace metals, and water. Crude oils can vary from a clear liquid, 
similar to gasoline, to a thick, tar-like material needing to be heated to flow 
through a pipeline. A petroleum refinery's main function is to split crude oil into 
its many parts (or fractions) which are then reprocessed into useful products. 
The type, number, and size of process units required at a particular refinery 
depends on a variety of factors including the type of crude oil and the products 
required. The interconnected units making up a refinery are a maze of tanks, 
furnaces, distillation towers (fractionating columns), reactors, heat exchangers, 
pumps, pipes, fittings, and valves, as well as control systems, instrumentation, 
and safety equipment. Products of crude oil refineries include: 

 Fuels such as gasoline, diesel fuel, heating oil, kerosene, jet fuel, bunker fuel 
oil, and liquefied petroleum gas; 
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 Petroleum solvents including benzene, toluene, xylene, hexane, and heptane, 
which are used in paint thinners, dry-cleaning solvents, degreasers, and 
pesticide solvents; 

 Lubricating oils produced for a variety of purposes, and insulating, hydraulic, 
heat transfer and medicinal oils; 

 Petroleum wax; 

 Greases, which are primarily a mixture of various fillers; and 

 Asphalt. 

These products can be hazardous not only in their final state but also as they are 
being processed and refined. 

1.3.2 Health and Safety Hazards 

The plant and equipment of refineries are generally modern, and the processes 
are largely automated and totally enclosed. Routine operations of the refining 
processes generally present a low risk of exposure when adequate maintenance 
is carried out and proper industry standards for design, construction, and 
operation have been followed. The potential for hazardous exposures always 
exists, however.  

1.3.3 Hazardous Chemicals 

In a refinery, hazardous chemicals can come from many sources and in many 
forms. In crude oil, there are not only the components intended for processing, 
but impurities such as sulfur, chlorides, water, vanadium, and arsenic 
compounds. The oil is separated into many component streams that are further 
altered and refined to produce the final product range. Most, if not all, of these 
component stream chemicals are inherently hazardous to humans, as are the 
other chemicals added during processing. Hazards include fire, explosion, 
toxicity, corrosiveness, and asphyxiation.  

1.3.4 Fire and Explosion 

The principal hazards at refineries are fire and explosion. Refineries process a 
multitude of products with low flash points (i.e., the temperature at which there 
is sufficient vapor of a given chemical to ignite when an ignition source is 
present). Although systems and operating practices are designed to prevent such 
catastrophes, they can occur. Constant monitoring is therefore required. 
Safeguards include warning systems, emergency procedures, and permit systems 
for any kind of hot or other potentially dangerous work.  
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1.3.5 Airborne Exposure  

Airborne exposure can occur with a release of a substance from the Facility that 
is acutely hazardous, such as ammonia, H

2
S, or any harmful byproducts which 

may occur from a fire. A release can be a threat if a harmful concentration of the 
gas reaches off-site receptors.  

Table A4.13-REL-1highlights major potential air contaminants which can escape 
from a typical refinery operation and their major sources. It does not attempt to 
identify all such possible hazards. 

Table A4.13-REL-2 reviews common hazardous chemicals and chemical groups 
typically present and their most significant hazards to workers.  

1.3.6 Major Shutdown and Maintenance  

The principal exposures to hazardous substances occur during shutdown or 
maintenance work, since these are a deviation from routine operations. Facility 
turnarounds require careful planning, scheduling, and step-by-step procedures 
to make sure that unanticipated exposures do not occur.  

1.3.7 General Description of How Refineries Manage Risks from 
these Hazards 

1.3.7.1 Process Safety Programs 

There are a host of procedural/prescriptive and performance based publications, 
guidelines, recommended practices and standards/laws on process safety 
promulgated by industry, standards writing organizations, industrial advocacy 
groups and governmental organizations on a federal, State and local level. Many, 
if not most of them, originate from the OSHA "Process Safety Management of 
Highly Hazardous Chemicals” regulations, which contain requirements for the 
management of hazards associated with processes using highly hazardous 
chemicals to help assure safe and healthful workplaces. The regulations include 
various performance based requirements related to process safety that the 
refining industry is obligated to meet and those specific requirements are listed 
elsewhere. Included in the requirements is a mechanical integrity section that 
stipulates the requirements for maintaining the mechanical integrity of process 
equipment.  

The mechanical integrity requirements include the following elements: 

 The employer must establish and implement written procedures to maintain 
the ongoing integrity of process equipment; 

 Employees involved in maintaining the ongoing integrity of process 
equipment must be trained in an overview of that process and its hazards 
and trained in the procedures applicable to the employees’ job tasks; 
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TABLE A4.13-REL-1 MAJOR POTENTIAL AIR CONTAMINANTS WHICH CAN ESCAPE FROM A 

TYPICAL REFINERY OPERATION AND THEIR MAJOR SOURCES 

Air Contaminants Major Sources 

Hydrocarbon vapors –  
compounds of 
carbon (C) and 
hydrogen (H) 

 transfer and loading operations 
 storage tanks  
 crude unit, atmospheric, and vacuum towers 
 cracking units (“cat”, hydrocracking, coking-  

polynuclear aromatic hydrocarbons [PAHs] 
and high-boiling aromatic hydrocarbons 
[HBAHs] are of concern because of their 
carcinogenic potential) 

 rearranging and combining processes such 
as reformers and alkylation units 

 treating operations 
 cracking unit regeneration 
 heat exchangers 
 boilers and heaters 
 pumps, valves 
 cooling towers 

Sulfur dioxide 
(SO

2
) 

 boilers  
 cracking unit regeneration 
 treating operations 
 flares 

Carbon monoxide 
(CO) 

 rearranging and combining processes such 
as reformers and alkylation units 

 catalyst regeneration 
 flares 
 boilers 
 furnaces 

Nitrogen dioxide 
(NO

2
) 

 flares 
 boilers 

Hydrogen sulfide 
(H

2
S) 

 sour crudes 
 liquid wastes 
 pumps 
 crude tower 
 cracking operations 
 rearranging and combining processes such as 

reformers and alkylation units 
 hydrogeneration 

Particulates 

 catalyst dusts – cracking units, catalyst 
regeneration, and rearranging and combining 
processes such as reformers and alkylation 
units 

 petroleum coke dust – cracking units 

Chlorine (CI or CI2)  caustic unit 

Ammonia (NH
3
)  compressors 
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TABLE A4.13-REL-2 COMMON HAZARDOUS CHEMICALS AND CHEMICAL GROUPS TYPICALLY 

PRESENT AND THEIR MOST SIGNIFICANT HAZARDS TO WORKERS 

Material Dominant Hazard 

Additives  usually skin irritants 

Ammonia 
 designated substance under construction 

regulations. See chapter on asbestos in this 
manual. 

Asphalt  dermatitis (can be photosensitizer) 

Benzene 
 designated substance under industrial 

regulations 

Carbon monoxide  toxic on inhalation 

Caustic soda  corrosive to skin and eyes 

Chlorine 
 corrosive to skin and tissue on contact or 

inhalation 
HBAHs (high boiling 
aromatic hydrocarbons) 

 potential carcinogens 

Hydrofluoric acid 
 corrosive to skin and tissue on contact or 

inhalation 

Hydrogen sulphide  toxic on inhalation 

MEK (methyl ethyl ketone)  corrosive to skin 

Nitrogen  asphyxiant 

PAHs (polynuclear 
aromatic hydrocarbons 

 potential carcinogens 

Phenol-acid  corrosive to skin and tissue 

Silica 
 designated substance under industrial 

regulations 

Sulphuric acid 
 corrosive to skin and tissue on contact or 

inhalation 

Sulphur dioxide  toxic on inhalation 

 Inspection and testing must be performed on process equipment, using 
procedures that follow recognized and generally accepted good engineering 
practices (RAGAGEP); 

 The frequency of inspections and tests of process equipment must conform 
with manufacturers’ recommendations and good engineering practices, or 
more frequently if determined to be necessary by prior operating experience; 

 Equipment deficiencies outside the acceptable limits defined by the process 
safety information must be corrected before further use; 

 In constructing new plants and equipment, the employer must ensure that 
equipment, as it is fabricated, is suitable for the process application for 
which it will be used. Appropriate checks and inspections must be performed 
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to ensure that equipment is installed properly and is consistent with design 
specifications and the manufacturer’s instructions; 

 The employer also must ensure that maintenance materials, spare parts, and 
equipment are suitable for the process application for which they will be 
used. 

It is the above mechanical integrity elements that go to the heart of minimizing 
the release of hazardous substances due to equipment failure from the various 
damage mechanisms discussed in this Appendix. Various industry organizations 
and standards writing organization have published various documents intended 
to define minimum requirements for the OSHA Mechanical Integrity performance 
base elements, primary among them The American Petroleum Institute (API). In 
turn, refining organizations have drafted internal mechanical integrity 
procedures and guidelines intended to satisfy the regulations within their 
specific organizational structure and experience.  

1.3.7.2 Management of Change 

Management of change (MOC) involves: (1) the recognition of change situations; 
(2) the evaluation of hazards; (3) the decision on whether to allow a change to be 
made; and, (4) necessary risk control and follow-up measures (CCPS, 2014). The 
MOC element helps ensure that changes to a process do not inadvertently 
introduce new hazards or unknowingly increase risk of existing hazards. The 
MOC element includes a review and authorization process for evaluating 
proposed adjustments to facility design, operations, organization, or activities 
prior to implementation to make certain that no unforeseen new hazards are 
introduced and that the risk of existing hazards to employees, the public, or the 
environment is not unknowingly increased. It also includes steps to help ensure 
that potentially affected personnel are notified of the change and that pertinent 
documents, such as procedures, process safety knowledge, and so forth, are 
kept up–to-date.  

Organizations usually have written procedures detailing how MOC will be 
implemented. Such procedures apply to all work that is not determined to be 
Replacement in Kind (RIK). The results of the review process are typically 
documented on an MOC review form. Supplemental information provided by 
system designers to aid in the review process is often attached to the MOC 
review form. Once the change is approved, it can be implemented. Potentially 
affected personnel are either informed of the change or provided more detailed 
training, as necessary, prior to implementation of the change. Follow-on 
activities, such as updates to affected process safety information and to other 
Risk Based Process Safety Management (RBPS) elements, are assessed to identify 
which are required before startup, and which may be deferred until after startup. 
All such activities are tracked until completed. 
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1.3.7.3 Inspections/Monitoring 

Included in the mechanical integrity section of the OSHA Process Safety 
Management (PSM) regulations are requirements for inspecting processing 
equipment to verify its existing condition, based on damage mechanisms that 
could result in a release to the environment. The inspection and testing must be 
performed on process equipment using procedures that follow RAGAGEP and the 
frequency of inspections and tests of process equipment must conform with 
manufacturers’ recommendations and good engineering practices, or based on 
prior operating experience. The inspections must satisfy the requirements of: (a) 
being able to identify and locate the damage mechanisms before they result in a 
release or otherwise compromise the integrity of the equipment and (b) 
accurately verify their severity. Again, there are many published guidelines, 
recommended practices and standards that are available to guide the 
development of an effective inspection program, including API-653,-570, -572, -
574, -510 and -580, among others.  

Process monitoring is another common tool used by industry to guard against 
equipment failure. Process monitoring as a mechanical integrity tool is being 
elevated by the impending issue of a new API document, RP 584. RP 584 is an 
API Recommended Practice pending publication that outlines the essential 
elements in defining, monitoring and maintaining integrity operating windows 
(IOWs) as a vital component of inspection planning, including Risk Based 
Inspection (RBI) planning. It is intended to address the issue that, however well 
founded and well managed, inspection and mechanical integrity systems alone 
cannot maintain the integrity of pressure equipment in and of themselves. API-
584 IOWs are discussed further in Section 1.3.7-5 below.  

1.3.7.4 Materials Selection 

Damage mechanisms are those phenomena that cause the degradation of 
materials, based on exposure to their environment. Damage mechanisms result 
from the natural consequence of exposing processing equipment to the process 
environment, including hazardous and corrosive chemicals that cause loss of 
thickness from corrosion, environmental cracking, metallurgical deterioration 
from exposure to elevated temperatures and mechanical damage. The first line 
of defense against the failure of equipment (based on a pressure boundary 
release) from these damage mechanisms is the proper selection of materials 
known to be resistant to damage mechanisms associated with the process. In the 
refining industry, there is an extensive body of knowledge regarding the damage 
mechanisms present in various refining processes and also what metals and/or 
alloys are known to be resistant to the damage mechanisms at hand. Typically, 
this materials selection occurs during the detailed design phase of a new capital 
project or as a result of a non-capital project maintenance need. Most materials 
selections involve compromises with the selection decision based on imperfect 
information regarding the process and economic constraints. The selection also 
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recognizes the issue of planned obsolescence based on an established design 
life for the project or equipment item. Materials selection can be made by people 
with various responsibilities and experience backgrounds, but ideally an 
experienced corrosion and materials engineer is involved in the selection 
process.  

1.3.7.5 Integrity Operating Windows  

In addition to the application of industry codes, standards and recommended 
practices, a number of other systems are vital to support a rigorous mechanical 
integrity program in order to predict/avoid/prevent pressure equipment 
damage/corrosion, leaks and failures and improve reliability. Three key elements 
of those systems as described in the draft API RP 584, Integrity Operating 
Windows, include: 

1. The establishment, implementation and maintenance of IOWs;  

2. An effective transfer of knowledge about unit specific IOWs to all affected 
personnel; and 

3. An effective MOC program to identify any changes to the process or the 
physical hardware that might affect the integrity of pressure equipment. 

Chevron has stated that it is currently in the process of establishing IOWs for the 
crude unit, per the draft API-584 Integrity Operating Windows, and is expected to 
complete implementation in the crude unit 3Q 2014. Some IOWs for the crude 
unit have already been determined through an SME review process. One example 
of an IOW would be the process temperature limit at the top of the atmospheric 
tower that Chevron attempts to control above the salt dew point temperature 
limit. Chevron’s Best Practice (Crude Unit Overhead Corrosion Control Best 
Practices) calls for a minimum 25F margin between the atmospheric tower 
overhead process temperature and the temperature at which chloride salts form. 
A review of Chevron’s IOWs that have been established shows that this particular 
IOW is included. In addition, Chevron has stated that the newly established IOWs 
per API-584 will be integrated with the existing refinery process monitoring 
(RPM) work process as discussed above. This will allow for: 

 Integrating with an established work process 

 Roles and responsibilities per API-584 

 Notification process when IOWs are in deviation 

Chevron is in the process of implementing a formal IOW program that meets the 
requirements of the draft API recommended practice. This will expand upon their 
existing critical reliability variables. For the third element Chevron has a mature 
MOC program. In order to operate any process unit, a set of operating ranges 
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and limits needs to be established for key process variables, to achieve the 
desired results (i.e., product within specification, safe operation, reliability, etc.). 
These limits are generally called operating limits or operating envelopes. IOWs 
are a specific subset of these key operating limits that focus only on maintaining 
the integrity or reliability of process equipment. Typically IOWs address issues 
involving process variables that, when not adequately monitored or controlled, 
can impact the likelihood and rates of damage mechanisms, which could result 
in a loss of containment. IOWs are those preset limits on process variables that 
need to be established and implemented in order to prevent potential breaches 
of containment that might occur as a result of not controlling the process 
sufficiently to avoid unexpected or unplanned deterioration or damage to 
pressure equipment. Operation within the preset limits should result in 
predictable and reasonably low rates of degradation. Operation outside the IOW 
limits could result in unanticipated damage, accelerated damage and potential 
equipment failure from one or more damage mechanisms. A properly structured, 
efficient and effective inspection program depends on IOWs being established 
and implemented to improve inspection planning and to avoid unanticipated 
impacts on pressure equipment integrity. Inspection plans are typically based on 
historic damage mechanisms and trends and are not generally designed to look 
for unanticipated damage resulting from process variability and upsets. 
Inspection plans generally assume that the next inspection interval (calculated 
based on prior damage rates from past operating experience) are scheduled on 
the basis of what is already known and predictable about equipment degradation 
from previous inspections. Without a set of effective and complete IOWs and 
feedback loop into the inspection planning process, inspections might need to 
be scheduled on a more frequent time-based interval just to look for anything 
that might potentially occur from process variability.  

Chevron currently has a work process called RPM that pre-dates API-584, 
Integrity Operating Windows, but has many of the elements of IOWs. SMEs were 
tasked with developing critical process variables (CPVs). CPVs are the dynamic 
system parameters that are essential for controlling a particular outcome in the 
following areas: 

 Equipment reliability (critical reliability variables or CRVs), or 

 Environmental compliance (critical environmental variables or CEVs), or 

 Process optimization (critical optimization variables or COVs). 

Control parameters for the CPVs were established within currently established 
Honeywell controls to allow for early detection of a process control trending 
toward an alarm state.  
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The definition of a CRV is similar to an IOW variable in that a CRV is defined as 
those variables that, when left in deviation, can lead to degradation of 
equipment. Some examples of CRVs are: 

 Reactor and Furnace tube skin temperatures 

 Boiler feed water and cooling water chemistry 

 Wash water rates 

 Rich and lean DEA loadings 

 Piping velocities 

 Column and vessel liquid levels 

Chevron has reported that the CRVs, CEVs, and COVs have been incorporated 
into existing process monitoring work processes within Chevron. Roles and 
responsibilities were reportedly established and the training of key personnel 
was implemented (not independently verified). In addition, a monitoring tool for 
all CPVs was established to provide visibility and accountability. The on-line tool 
that was implemented is Operational Excellence and Reliability Intelligence 
(OERI). An example of a report from OERI is below (Figure A4.13-REL-1) and 
describes the monitoring of CRVs in the crude unit overhead reflux drum, V-
1100. This report also allows the operators to look at the consequence of 
deviation (COD) for a particular CRV by clicking on an information icon (see 
Figure A4.13-REL-2 below). 

1.3.7.6 Risk-Based Inspection Assessments 

Risk is the combination of the probability of some event occurring during a time 
period of interest and the consequences, (generally negative) associated with the 
event. Risk Based Inspection, e.g., API-580, is a risk assessment and 
management tool that addresses an area not completely addressed in other 
organizational risk management efforts such as Process Hazards Analyses (PHA) 
or reliability centered maintenance (RCM). It complements these efforts to 
provide a more thorough assessment of the risks associated with equipment 
operations. RBI produces Inspection and Maintenance Plans for equipment that 
identify the actions that should be implemented to provide reliable and safe 
operation. The RBI effort can provide input into an organization’s annual 
planning and funds required to maintain equipment operation at acceptable 
levels of performance and risk.   
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1.3.8 Damage Mechanisms  

API-571, “Damage Mechanisms Affecting Equipment in the Refining Industry” 
lists 66 of the most common damage mechanisms occurring in the refining, 
petrochemical, pulp and paper and fossil utility industries. API-571 categorizes 
those damage mechanisms as follows: 

A)  Mechanical and metallurgical failure  

B)  Uniform or localized loss of thickness  

C)  High-temperature corrosion  

D)  Environment-assisted cracking  

A generally accepted definition of corrosion (a damage mechanism) is the 
“Naturally occurring phenomenon commonly defined as the deterioration of a 
substance (usually a metal) or its properties because of a reaction with its 
environment,” (Van Delinder, 1984). This definition encompasses all materials, 
both naturally occurring and man-made and includes plastics, ceramics, and 
metals. This section focuses on the corrosion of metals.  

This definition of corrosion begs the question: why do metals corrode? A 
significant amount of energy is put into a metal when it is extracted from its 
ores, placing it in a high-energy state. These ores are typically oxides of the 
metal such as hematite (Fe

2
O

3
) for steel. A guiding principle of thermodynamics 

is that a material always seeks the lowest energy state. In other words, most 
metals are thermodynamically unstable and will tend to seek a lower energy 
state, which is an oxide or some other compound. The process by which metals 
convert to the lower-energy oxides is called corrosion. 

The corrosion of most common engineering materials at near-ambient 
temperatures occurs in aqueous (water-containing) environments and is an 
electrochemical process. The aqueous environment is also referred to as the 
electrolyte and almost always involves liquid water. The corrosion process 
involves the removal of electrons (oxidation) of the metal and the consumption 
of those electrons by a reduction reaction, such as the reduction of dissolved 
oxygen or water molecules. The oxidation reaction is commonly called the 
anodic reaction and the reduction reaction is called the cathodic reaction. Both 
electrochemical reactions are necessary for corrosion to occur. The oxidation 
reaction causes the actual metal loss but the reduction reaction must be present 
to consume the electrons liberated by the oxidation reaction, maintaining charge 
neutrality. Otherwise, a large negative charge would rapidly develop between the 
metal and the electrolyte and the corrosion process would cease. The oxidation 
and reduction reactions are sometimes referred to as half-cell reactions 
(Peabody, 2010).  



MARCH 2014 CHEVRON REFINERY MODERNIZATION PROJECT EIR 
 APPENDIX 4.13-REL 

 
 
 

A4.13-REL-17 

1.3.9 Eight Forms of Corrosion  

The idea of describing the various ways corrosion can damage metals by the 
appearance of the corrosion has become common place. It is convenient to 
classify corrosion by the forms in which it manifests itself, the basis for this 
classification being the appearance of the corroded metal. The eight forms are: 
(1) uniform, or general attack; (2) galvanic, or two-metal corrosion; (3) crevice 
corrosion; (4) pitting; (5) intergranular corrosion; (6) selective leaching, or 
parting; (7) erosion-corrosion; and (8) stress corrosion cracking. This listing is 
arbitrary but covers practically all corrosion failures and problems. Below, the 
eight forms of corrosion are discussed in terms of their characteristics, 
mechanisms, and preventive measures.  

1.3.9.1 Uniform Attack 

Uniform attack is the most common form of corrosion. It is normally 
characterized by a chemical or electrochemical reaction which proceeds 
uniformly over the entire exposed surface or over a large area. The metal 
becomes thinner and eventually fails. For example, a piece of steel or zinc 
immersed in dilute sulfuric acid will normally dissolve at a uniform rate over its 
entire surface. A sheet iron roof will show essentially the same degree of rusting 
over its entire outside surface. 

Uniform attack, or general overall corrosion, represents the greatest destruction 
of metal on a tonnage basis. This form of corrosion, however, is not of too great 
concern from the technical standpoint, because the life of equipment can be 
accurately estimated on the basis of comparatively simple tests. Uniform attack 
can be prevented or reduced by: (1) proper materials, including coatings; (2) 
inhibitors; or (3) cathodic protection. 

1.3.9.2 Galvanic or Two-Metal Corrosion 

A potential difference usually exists between two dissimilar metals when they are 
immersed in a corrosive or conductive solution. If these metals are placed in 
contact (or otherwise electrically connected), this potential difference produces 
electron flow between them. Corrosion of the less corrosion-resistant metal is 
usually increased and attack of the more resistant material is decreased, as 
compared with the behavior of these metals when they are not in contact. The 
less resistant metal becomes anodic and the more resistant metal cathodic. 
Usually the cathode or cathodic metal corrodes very little or not at all in this type 
of couple. Because of the electric currents and dissimilar metals involved, this 
form of corrosion is called galvanic, or two-metal, corrosion. It is electrochemical 
corrosion, but we shall restrict the term galvanic to dissimilar-metal effects for 
purposes of clarity. 
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1.3.9.3 Crevice Corrosion 

Intense localized corrosion frequently occurs within crevices and other shielded 
areas on metal surfaces exposed to corrosives. This type of attack is usually 
associated with small volumes of stagnant solution caused by holes, gasket 
surfaces, lap joints, surface deposits, and crevices under bolt and rivet heads. As 
a result, this form of corrosion is called crevice corrosion. 

1.3.9.4 Pitting 

Pitting is a form of localized attack that results in localized holes in the metal. 
The holes may be small or large in diameter, but in most cases they are relatively 
small. Pits are sometimes isolated or so close together that they look like a 
rough surface. Generally a pit may be described as a cavity or hole with the 
surface diameter about the same as or less as the depth. 

Pitting is one of the most destructive and most difficult to detect forms of 
corrosion. It causes equipment to fail because of perforation with only a small 
percent weight loss of the entire structure. It is often difficult to detect pits 
because of their small size and because the pits are often covered with corrosion 
products. In addition, it is difficult to measure quantitatively and compare the 
extent of pitting because of the varying depths and numbers of pits that may 
occur under identical conditions. Pitting is also difficult to predict by laboratory 
tests. Sometimes the pits require a long time, several months or a year-to show 
up in actual service. Pitting is of particular concern because it is a localized and 
intense form of corrosion, and failures often occur with suddenness. 

1.3.9.5 Intergranular Corrosion 

Grain boundary impacts are of little or no consequence in most applications or 
uses of metals. If a metal corrodes, uniform attack normally results as grain 
boundaries are usually only slightly more reactive than the matrix. However, 
under certain conditions, grain interfaces are very reactive and intergranular 
corrosion results. Localized attack at, and adjacent to, grain boundaries, with 
relatively little metal loss at the grains, is intergranular corrosion. The alloy 
disintegrates (grains fall out) and/or loses its strength. 

Intergranular corrosion can be caused by impurities at the grain boundaries, 
enrichment of one of the alloying elements, or depletion of one of these 
elements in the grain-boundary areas. A well-documented form of intergranular 
corrosion is the depletion of chromium in the grain-boundary regions results in 
intergranular corrosion (sensitization) of stainless steels. 

1.3.9.6 Selective Leaching 

Selective leaching is the removal of one element from a solid alloy by corrosion 
processes. The most common example is the selective removal of zinc in brass 
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alloys (dezincification). Similar processes occur in other alloy systems in which 
aluminum; iron, cobalt, chromium, and other elements are removed. Selective 
leaching is the general term to describe these processes, and its use precludes 
the creation of terms such as de aluminification, de cobaltification, etc.  

1.3.9.7 Erosion-Corrosion 

Erosion-corrosion is the acceleration or increase in rate of deterioration or attack 
on a metal because of relative movement between a corrosive fluid and the metal 
surface. Generally, this movement is quite rapid, and mechanical wear effects or 
abrasion are involved. Metal is removed from the surface as dissolved ions, or it 
forms solid corrosion products which are mechanically swept from the metal 
surface.  

Erosion-corrosion is characterized in appearance by grooves, gullies, waves, 
rounded holes, and valleys and usually exhibits a directional pattern. In many 
cases, failures because of erosion corrosion occur in a relatively short time, and 
they are unexpected largely because evaluation corrosion tests were run under 
static conditions or because the erosion effects were not considered. 

1.3.9.8 Stress Corrosion Cracking (SCC) 

Stress-corrosion cracking refers to cracking caused by the simultaneous presence 
of tensile stress and a specific corrosive medium. During stress-corrosion 
cracking, the metal or alloy is virtually unattacked over most of its surface, while 
fine cracks progress through it. This cracking phenomenon has serious 
consequences since it can occur at stresses within the range of typical design 
stresses.  

Two classic cases of stress-corrosion cracking are “season cracking” of brass, 
and the “caustic embrittlement” of steel. Both of these terms describe the 
environmental conditions present which led to stress-corrosion cracking. Season 
cracking refers to the stress-corrosion cracking failure of brass cartridge cases. 
During periods of heavy rainfall, especially in the tropics, cracks were observed 
in the brass cartridge cases at the point where the case was crimped to the 
bullet. It was later found that the important environmental component in season 
cracking was ammonia resulting from the decomposition of organic matter. 

Many explosions of riveted boilers occurred in early steam-driven locomotives. 
Examination of these failures showed cracks or brittle failures at the rivet holes. 
These areas were cold-worked during riveting operations, and analysis of the 
whitish deposits found in these areas showed caustic, or sodium hydroxide, to 
be the major component. Hence, brittle fracture in the presence of caustic 
resulted in the term caustic embrittlement. While stress alone will react in ways 
well known in mechanical metallurgy (i.e., creep, fatigue, tensile failure) and 
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corrosion alone will react to produce characteristic dissolution reactions, the 
simultaneous action of both sometimes produces the disastrous results. 

1.3.10 Damage Mechanisms Found in Refineries 

All refining corrosion mechanisms can be categorized as a subset of the general 
eight forms of corrosion summarized above. A listing and description of the 
most common refining damage mechanisms is found in the API document, API- 
571, Damage Mechanisms Affecting Fixed Equipment in the Refining Industry 
(API-571, 2011). API-571 has become a Recognized and Generally Accepted Good 
Engineering Practice (RAGAGEP) regarding damage mechanisms in the refining 
industry. The starting point for the damage mechanism assessment review was 
Table 5-4 in API-571. The table is not meant to be an exhaustive list of all 
damage mechanisms, but to serve as a useful starting point reference. In 
conducting the Modernization Project damage mechanism review, the API-571 
damage mechanism list and other relevant damage mechanisms were 
considered. A list of the damage mechanisms from API-571 is provided below in 
Table A4.13-REL-3. For the purposes of the Reliability Analysis, the considered 
damage mechanisms can be divided into three broad categories: (1) damage 
mechanisms relevant to a process unit and also impacted by the Modernization 
Project, (2) damage mechanisms relevant to a process unit, but not impacted by 
the Modernization Project, and (3) all other damage mechanisms.  

An independent analysis of relevant damage mechanisms resulting from 
anticipated post-Modernization Project operating conditions was conducted, 
considering the potential feedstock change of increased sulfur, and the 
conservative possibility of increased nitrogen based on the finding in Appendix 
4.3-MET that it is likely that the crude oils processed by the Facility, if the 
Modernization Project is implemented, would have the potential to contain 
higher nitrogen levels. The increased sulfur and nitrogen is considered to 
influence all damage mechanisms identified in Table A4.13-REL-4, except for 
high-temperature hydrogen attack (HTHA), which is a function of the higher 
purity hydrogen from the new hydrogen plant, creep/stress rupture, which is a 
function of temperature, time and stress and oxygen-enhanced ignition and 
combustion, which results from the new oxygen injection line to the sulfur 
recovery unit (SRU). The review was conducted considering the extensive body of 
knowledge regarding the damage mechanisms that result from sulfur and 
nitrogen compounds in crude oils, depending on the refining units they are 
routed through, reviewing documents submitted by Chevron regarding their 
specific crude and product slate processing scheme at the Facility, plus the years 
of experience of the Reviewer in corrosion processes and identification of 
damage mechanisms in chemical and refining processes. The independent 
damage mechanism review did not identify any additional damage mechanisms 
other than the ones in Table A4.13-REL-4. 
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TABLE A4.13-REL-3 API-571 LISTING OF DAMAGE MECHANISMS 

DM# Damage Mechanisms DM# Damage Mechanisms 

1 Sulfidation 33 885°F (475°C) Embrittlement 

2 
Wet H

2
S Damage 

(Blistering/HIC/SOHIC/SSC) 
34 Softening (Spheroidization) 

3 Creep / Stress Rupture 35 Reheat Cracking 

4 High temp H
2
-H

2
S Corrosion 36 Sulfuric Acid Corrosion 

5 Polythionic Acid Cracking 37 Hydrofluoric Acid Corrosion 

6 Naphthenic Acid Corrosion 38 Flue Gas Dew Point Corrosion 

7 
Ammonium Bisulfide 
Corrosion 

39 
Dissimilar Metal Weld (DMW) 
Cracking 

8 
Ammonium Chloride 
Corrosion 

40 Hydrogen Stress Cracking in HF 

9 HCl Corrosion 41 
Dealloying (Dezincification/ 
Denickelification) 

10 
High Temperature Hydrogen 
Attack 

42 CO
2
 Corrosion 

11 Oxidation 43 Corrosion Fatigue 

12 Thermal Fatigue 44 Fuel Ash Corrosion 

13 Sour Water Corrosion (acidic) 45 Amine Corrosion 

14 Refractory Degradation 46 Corrosion Under Insulation (CUI) 

15 Graphitization 47 Atmospheric Corrosion 

16 Temper Embrittlement 48 
Ammonia Stress Corrosion 
Cracking 

17 Decarburization 49 Cooling Water Corrosion 

18 Caustic Cracking 50 
Boiler Water / Condensate 
Corrosion 

19 Caustic Corrosion 51 
Microbiologically Induced 
Corrosion (MIC) 

20 Erosion / Erosion-Corrosion 52 Liquid Metal Embrittlement 

21 Carbonate SCC 53 Galvanic Corrosion 

22 Amine Cracking 54 Mechanical Fatigue 

23 
Chloride Stress Corrosion 
Cracking 

55 Nitriding 

24 Carburization 56 Vibration-Induced Fatigue 

25 Hydrogen Embrittlement 57 Titanium Hydriding 

27 Thermal Shock 58 Soil Corrosion 

28 Cavitation 59 Metal Dusting 

29 
Graphitic Corrosion (see 
Dealloying) 

60 Strain Aging 
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DM# Damage Mechanisms DM# Damage Mechanisms 

30 
Short term Overheating – 
Stress Rupture 

61 Steam Blanketing 

31 Brittle Fracture 62 Phosphoric Acid Corrosion 

32 
Sigma Phase/ Chi 
Embrittlement 

63 Phenol (carbolic acid) Corrosion 

33 885°F (475°oC) Embrittlement 
64 Ethanol Stress Corrosion Cracking 

65 
Oxygen Enhanced Ignition and 
Combustion 

66 
 Organic Acid Corrosion of 
Distillation Tower Overhead 
Systems 
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TABLE A4.13-REL-4 FACILITY UNITS AND IDENTIFIED PROJECT-RELATED DAMAGE MECHANISMS IDENTIFIED FOR FURTHER REVIEW 

 API-571 Damage Mechanisms Crude Unit Hydro-treating 
SDA 
Unit 

SRU 

Sour Gas 
(Off 
plot) 

Sour Water 
Plants (WWT) 

and Sour Water 
(off plot) 

Recovered 
Oil 

1 Sulfidation X X X    X 

2 Wet H
2
S Damage (Blistering/HIC/SOHIC/SSC) X X X  X X  

3 Creep / Stress Rupture X       

4 High temp H
2
-H

2
S Corrosion  X      

7 Ammonium Bisulfide Corrosion X X   X X  

8 Ammonium Chloride Corrosion X       

10 High Temperature Hydrogen Attack  X      

13 Sour Water Corrosion (acidic) X       

65 Oxygen-Enhanced Ignition and Combustion    X    

Note: HIC = hydrogen-induced cracking; SOHIC = stress-oriented hydrogen-induced cracking; SSC = sulfide stress cracking; SDA unit = solvent de-asphalting unit 
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1.4 MODERNIZATION PROJECT CHANGES WITH POTENTIAL 
TO INCREASE RISKS FROM DAMAGE MECHANISMS AT 

REFINERIES 

Chevron owns and operates the Facility, which processes crude oil blends, 
externally-sourced gas oils, and natural gas into a number of products, including 
motor gasoline, jet fuel, diesel fuel, and lubricant base oils, as well as fuel oil, 
liquefied petroleum gas and sulfur. 

In 2011, Chevron submitted an application to the City for the Modernization 
Project that includes a new hydrogen plant and hydrogen purity improvements 
(sulfur removal improvements). The objectives of the Modernization Project 
relevant to this Reliability Analysis include:  

 Enhance the Facility's flexibility to process crude oil blends and externally 
sourced gas oils with higher sulfur content; and 

 Replace the existing hydrogen production plant with a larger, more modern 
plant that is more energy-efficient, produces higher purity hydrogen, and has 
sufficient capacity to meet the Facility’s hydrogen needs. 

As indicated above, the Modernization Project is designed to improve the 
Facility's flexibility to process higher sulfur crudes. The Facility currently has the 
capacity to process crude oil blends with gravity at the lighter end of the 
intermediate range (intermediate-light), and will remain configured in the same 
manner to process such crude oil blends after the Modernization Project is 
implemented. However, the Facility's ability to process more sulfur would allow it 
to accept more sour crude oil blends at either the higher or lower end of the 
intermediate-light gravity range. Therefore it is reasonably foreseeable that after 
the Project, the Facility could accept higher quantities of sour crudes that fall in 
the lower end of the intermediate-light range, resulting in an overall lower 
average API gravity compared to the average crude gravity run during the 
baseline period of 2008 to 2010.  

Chevron has applied to the City for a conditional use permit (“CUP”) for the 
Modernization Project. The CUP process for the Modernization Project requires 
preparation of a revised environmental impact report (“EIR”), which must include 
analysis of the Modernization Project’s potentially significant impacts on public 
safety. Specifically, the EIR analyzes whether the Modernization Project could 
create a significant hazard to the public or the environment through reasonably 
foreseeable upset and accident conditions involving the release of hazardous 
materials into the environment.  

Given the objective of the Modernization Project to allow the Facility to process 
crude oils and externally-sourced gas oils containing higher levels of sulfur than 
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currently being processed, the Modernization Project includes various 
components that will enable the Facility to process and remove this additional 
sulfur, and includes an amendment to the Facility’s Title V permit to increase the 
sulfur removal limit from 600 to 900 long tons per day (lt/d). The 900 lt/d limits 
equates to an approximate capacity of 3 wt. % sulfur in crude oil blends.  

The Modernization Project has physical, operational, and feedstock changes from 
current existing operations, as described in greater detail in the EIR, Chapter 3, 
Project Description. The Modernization Project changes relevant for this 
Reliability Analysis are described in further detail in the following sections.  

1.4.1 Description of Modernization Project Changes 

As discussed above and in Section 1.2, Scope and Methodology, the 
Modernization Project involves several operational and feedstock changes that 
could have a bearing on the activity of damage mechanisms at the Facility. Each 
of these operational and feedstock changes is discussed below. 

1.4.1.1 Risk Impacts of the Increase in Facility Operational Utilization up to 
100% Relative to Baseline Period 

Chevron anticipates increasing the refinery operational utilization from 89% up 
to 93%, and considers the possibility of reaching 100% of its Title V maximum 
permitted capacity levels. Here, utilization is defined as the average annual 
operational rate relative to the maximum permitted capacity. For purposes of 
this Reliability Analysis, utilization is considered to determine the extent to 
which a planned increase in Facility utilization will materially impact baseline 
damage mechanism activity.  

To respond to the issue of whether an increase in Facility utilization rates have 
the potential to impact existing equipment/piping damage mechanisms or 
initiate new ones, one must consider what environmental parameters influence 
the severity of damage mechanisms. Damage mechanisms resulting from 
environmental exposure to refinery processes can be broadly categorized into 
several damage type categories: (a) thinning, (b) cracking, (c) mechanical/ 
metallurgical, and (d) high temperature. An example of a thinning damage 
mechanism is ammonium bisulfide corrosion. A cracking mechanism would 
include wet H

2
S cracking. A mechanical/metallurgical damage mechanism would 

include temper embrittlement or brittle fracture. Thinning (corrosion) 
mechanisms are typically expressed in units of mass loss, or more traditionally, 
in units of thickness loss per unit of time. The most common unit that thinning 
is expressed in when studying or reporting on corrosion rates is thousands of an 
inch per year, or mils per year (mpy). Cracking is more complicated, but cracking 
can be expressed as time to cracking or whether a material cracks or not in a 
specific environment (pass-fail).  
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With that background, Facility utilization doesn’t normally materially impact an 
assessment of the relative risk of thinning mechanisms, as the reported metal 
loss is typically ratioed over a full year of exposure, regardless of the actual 
exposure time and it is this “full year” rate which drives risk and decisions on 
mitigating risk. The risk of damage from cracking is also driven considering “full 
utilization” exposure time. In fact, common practice is to not consider refinery 
utilization as a risk parameter nor is a reduced utilization time considered as a 
risk reduction measure. There are damage mechanisms that can increase in 
severity based on downtime. Therefore, based on the above rationale, the 
Project's contemplated increase in Facility utilization would not have a bearing 
on damage mechanism activity and does not warrant further analysis in this 
Reliability Analysis as full time exposures were conservatively considered.  

1.4.1.2 Impact of Project Operational and Feedstock Changes on Risk 

This section discusses the methodology and rationale used to define what 
operating units (processing equipment and components) at the Facility would be 
potentially impacted by the Modernization Project, based on damage 
mechanisms affected by the operational and feedstock changes of the Project. It 
also describes which operating units (processing equipment and components) 
were determined not to be affected by the Modernization Project. 

Chevron's Modernization Project goal of increasing its flexibility to refine higher 
sulfur crude and gas oils and to refine more crude oil at the lower end of the 
intermediate gravity range will result in the acceptance of higher sulfur crude oil 
blends and gas oils and has the potential to result in the processing of crude oil 
blends in a lower gravity range than was processed during the baseline period.  

The Project’s operational and feedstock changes could result in the following 
changes in parameters relevant to the reliability and damage mechanism review 
and which were further evaluated: 

 Increased wt. % sulfur in feedstocks (crude and gas oils); 

 Increased hydrogen (H
2
) purity (partial pressure) produced from a new 

hydrogen plant; 

 Increased H
2
S partial pressures in refinery processing units where the sulfur 

in the crude is either intentionally, or as a by-product of other reactions, 
converted to other sulfur containing compounds;  

 Increase in nitrogen content based on a moderate to strong statistical 
relationship found between API gravity in the intermediate-light gravity range 
(between 28 and 40 API) and nitrogen content and a weak correlation 
between sulfur and nitrogen content as described in Appendix 4.3-MET; and 
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 Increased ammonium bisulfide content of many process streams due to 
increased nitrogen in the feedstocks. 

The primary driving force for additional damage mechanisms and/or the 
increased severity of existing damage mechanisms is the planned increase in 
total sulfur content of purchased crude and supplemental gas oil feed to the 
Facility associated with the Project. The current baseline sulfur content of 
blended crude feed is approximately 1.58 wt.% on an annual-average basis. Two 
crude blend cases considered in this reliability and damage mechanism analysis 
were a 2.38 wt.% sulfur (P-50 case) and a sulfur content of 3.28 wt.% sulfur (the 
P-90 case). The P-50 case is the most likely future high sulfur case, considering 
other Facility operating constraints, with 2.38 wt.% sulfur content and 32.3 API 
gravity, approximating the URM project crude blend of 2.5 wt. % sulfur and 31.6 
API gravity (Appendix 4.3-URM). Chevron identified a "P-90" analytical case of 
3.28 wt. % sulfur and API gravity of 28.4, which approximates the "heaviest crude 
blend" and the "most sour crude blend" scenarios from the URM. The P-90 case 
was selected to represent an extremely conservative scenario because the 3.28 
wt.% level is much higher than the reasonably foreseeable and planned annual 
average sulfur content post-Modernization Project, and would also result in much 
lower overall Facility utilization per the sulfur recovery unit constraint, as noted 
in the Unit Rate Model included as Appendix 4.3-URM.  

Other changes include the new hydrogen plant, which could potentially add 
additional damage mechanisms and/or an increased severity of existing damage 
mechanisms by increasing the purity of hydrogen feed to several refinery units 
that use hydrogen to process and reduce sulfur in sulfur containing 
hydrocarbons (e.g., HP units). In addition, various physical changes/additions to 
accommodate the increased H

2
S and ammonium bisulfide content in sour gas 

streams occurring in sulfur conversion (hydroprocessing) units could potentially 
add additional damage mechanisms and/or the increased severity of existing 
damage mechanisms. The potential impacts of the Modernization Project's 
physical changes are discussed in Section 4.13, Public Safety of the EIR. 

The increased sulfur content in purchased crude and gas oils is anticipated to be 
the primary reason for an increased severity of damage mechanisms associated 
with the Modernization Project. The identified increased damage mechanisms 
resulting from the higher sulfur crude include high-temperature sulfidation, 
high-temperature H

2
-H

2
S corrosion, wet H

2
S damage (SSC/hydrogen-induced 

cracking [HIC] / SOHIC), acidic sour water corrosion, ammonium bisulfide 
corrosion (sour water corrosion) and ammonium chloride corrosion. The extent 
of the damage caused by sulfur and the units and equipment it impacts is based 
on the amount of sulfur, the processing conditions the sulfur is exposed to and 
the materials of construction of the equipment exposed to the sulfur 
compounds.  
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The Reliability Analysis methodology approach was based on a combination of: 
(1) the Reviewer's personal experience; (2) interviews/information provided by a 
panel of Facility and Technical Department SMEs from several technical 
disciplines, including Process Engineering, Technical Department Materials and 
Equipment Engineering, and refinery Materials Engineering personnel, with 
support from other departments as needed; (3) a review of Chevron provided and 
requested documents; and, (4) a review of available published papers and 
industry standards and recommended practices. 

1.5 UNITS IMPACTED BY THE MODERNIZATION PROJECT 

BASED ON OPERATIONAL AND FEEDSTOCK CHANGES 

The general process to determine which Facility units would, and would not, be 
impacted by the Modernization Project included the following steps: 

1. Conduct a sulfur mass balance to determine the estimated sulfur in the 
various crude unit product streams and the related sulfur-levels of the feed to 
downstream units. 

2.  Conduct a nitrogen mass balance to determine the routing and amount of 
nitrogen going to the different processing units. 

3. Review which units would be impacted by hydrogen introduced to the unit 
from the new hydrogen plant.  

4. Review all Project physical changes. 

5. Using API-571, Damage Mechanisms Affecting Fixed Equipment in the 
Refining Industry, 2011, as a reference, plus the Reviewer’s experience and 
the wealth of industry and technical associated published literature regarding 
damage mechanisms in refineries, determine the reliability impacts that 
could arise from the reasonably foreseeable changes to current process 
conditions that would result from construction and operation of the 
Modernization Project. 

6. Determine any reliability impacts based on other available sources, including 
standards, guidelines or lessons learned. 

To determine which processing units would be affected by an increase in sulfur 
content of crude and/or imported gas oil, the sulfur containing streams were 
traced from where the crude first entered the refinery at the crude unit through 
downstream processing units in the refinery to a point where: (1) the sulfur 
became extinct (i.e., removed); (2) the sulfur levels returned to baseline levels; or 
(3) sulfur in the crude, where converted to other, lighter sulfur compounds 
through contact with heat, pressure or catalysts, was at the original baseline 
level. A similar approach was used to evaluate changes in nitrogen, hydrogen 
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purity and H
2
S. Figure A4.13-REL-3 provides a summary of the impacted and non-

impacted units resulting from the review.  

Table A4.13-REL-4 details the processing units and their associated 
Modernization Project relevant damage mechanisms that were considered to 
apply to post-Modernization Project operating conditions based on the review 
steps described above. The damage mechanisms themselves are discussed 
subsequently.  

1.6 UNITS NOT IMPACTED BY THE MODERNIZATION 
PROJECT BASED ON OPERATIONAL AND FEEDSTOCK 

CHANGES 

Several units were determined not to be affected by operational and feedstock 
changes of the Modernization Project, as listed below. A review of post-
modernization physical changes was not considered to be in the scope of this 
review, with the exception of the new amine equipment. Based on the intended 
service of the new amine equipment it was not considered to be impacted by 
post-Modernization Project operational or feedstock changes; therefore, was not 
included in Table A4.13-REL-4 as an impacted unit. However, it was decided to 
discuss the unit in the impacted unit section to provide an explanation for why 
the risk for damage mechanisms normally associated with amine unit would not 
increase with the Project.  

1.6.1 Fluid Catalytic Cracker Unit 

Feeds are TKC desulfurized gas oil and purchased gas oil. Feed does not change 
to this unit with the Modernization Project and hydrogen is not used at this unit. 
The fluid catalytic cracker unit does not remove sulfur, and the fluid catalytic 
cracker unit makes gasoline as its primary product. California limits the sulfur 
content of gasoline (and diesel), so the sulfur level of gas oil feedstocks to the 
fluid catalytic cracker unit could not change enough to exceed the sulfur content 
requirements in the sulfur levels set by California. 

1.6.2 Isomerization/Penhex 

Feed does not change to this unit with the Modernization Project. The feed to 
this unit is desulfurized and denitrified at the Naphtha Hydrotreater (NHT) to an 
existing specification sampled weekly, as specified in Electronic Operating 
Manual for the NHT, since sulfur and nitrogen are poisons to the Penhex catalyst. 
The existing feed sulfur level specification will not change with the Project 
(Chevron, [n.d.1]). If the current specification or actual operational data changes 
in the future from the existing conditions, then Chevron should evaluate the 
change using the reliability and damage mechanism review approach outlined in 
this Appendix. Chevron should then submit a report on the change and the 
findings of the reliability review to the City. 
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Make-up hydrogen used in this unit comes from the Rheniformer units and not 
from the new hydrogen plant so purity of hydrogen will not change to this unit 
as a result of the Modernization Project. 

1.6.3 Alkylation 

Feed does not change to this unit with the Project nor is hydrogen used at this 
unit. Feed is from the fluid catalytic cracker unit, which does not change from 
existing conditions with the Modernization Project, as described above. 

1.6.4 No. 4 and 5 Rheniformers 

Feed does not change to these units with the Modernization Project. Pre-treated 
gasoline and naphtha from the Isomax and NHT are the feeds to this unit and 
existing specifications for sulfur to this unit, reviewed by the Reviewer as a part 
of the Reliability Analysis, will not change as a result of the Modernization 
Project. If the current specification or actual operational data changes in the 
future from the existing conditions, then Chevron should evaluate the change 
using the reliability and damage mechanism review approach outlined in this 
Appendix. Chevron should then submit a report on the change and the findings 
of the reliability review to the City. 

Hydrogen is produced in these units and used in other units at the refinery. No 
hydrogen from the new hydrogen plant will be used here. 

1.6.5 Yard Deisobutanizer (YDIB) 

This unit recovers isobutane at units (yard LPG, Butamer, RLOP and Isomax gas 
recovery units) downstream of the sulfur removal processes at the Facility; 
therefore its input and output streams will not change from existing conditions 
as a result of the Modernization Project. 

1.6.6 Naphtha/Reformate Splitter 

Feed does not change to this unit with the Project. The naphtha splitter feed is 
from the NHT and has an existing specification for sulfur and nitrogen which will 
not change with the Modernization Project. If the current specification or actual 
operational data changes in the future form the existing conditions, then 
Chevron should evaluate the change using the reliability and damage mechanism 
review approach outlined in this Appendix. Chevron should then submit a report 
on the change and the findings of the reliability review to the City. 

The reformate splitter feed is from the Rheniformers which will not change from 
existing conditions. 
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1.6.7 Butamer 

The feed to this unit is from the YDIB and Alkylation units, both of which do not 
change with the Modernization Project. 

1.6.8 LNF/HNF  

Feed to the Light and Heavy Neutral Finishers will not change post-Modernization 
Project since the upstream units, the LNC and HNC, desulfurize and denitrify to 
the same level as current specifications.  

1.6.9 ISOMAX Reactors  

The feed to the ISO Reactors will not change post-Modernization Project since the 
feed is pretreated in the upstream TKN unit, which desulfurizes and denitrifies to 
the same level as current specification.  

1.6.10 Propoly Plant/Selective Hydrogenation Unit (SHU) 

The feed to the Propoly plant and the SHU will not change post-Modernization 
Project since both units process LPG from the fluid catalytic cracker. Since fluid 
catalytic cracker feed quality does not change with the Modernization Project, the 
feed to the Propoly and SHU does not change. 

1.6.11 Gasoline Hydrotreater (GHT) 

The feed to the GHT will not change post-Modernization Project since the GHT 
desulfurizes a fluid catalytic cracker gasoline stream and the fluid catalytic 
cracker feed will not change. 

1.7 DAMAGE MECHANISMS ACTIVE IN THE FACILITY AND 
IMPACTED BY THE MODERNIZATION PROJECT'S 
OPERATIONAL AND FEEDSTOCK CHANGES 

The following guidelines were used to determine if any of the damage 
mechanisms applied to a particular plant or process system: 

1. Determine which operating plants and systems were going to change as a 
result of the Modernization Project, based on: 

1. Operational changes 

2. Sulfur wt. % change 

3. Increase in hydrogen purity 

4. A sensitivity analysis regarding a potentially higher nitrogen crude 
case 
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5. Introduction of, or increase in corrosive constituents resulting from a 
change in sulfur, nitrogen or hydrogen purity 

6. Process monitoring tools such as process monitoring and 
optimization (PMO) and INDX 

2. Determine the particular sections of the operating plants or systems that 
might be affected. Tools used to help with this analysis included: 

• Piping Isometrics 

• Piping and Instrumentation Diagrams 

• Process Flow Diagrams 

• Metallurgy of piping and equipment 

• Chevron Best Practice Documents 

• Industry published papers and guidelines, recommended practices, 
etc.  

• Process Descriptions 

3. Use industry and Chevron standards to assist in evaluating whether the 
damage mechanism may have an effect on the particular unit, based on a 
review of critical factors. The below is a representative sampling of 
documents reviewed: 

• High-temperature sulfidation corrosion– API-939-C, Guidelines for 
Avoiding Sulfidation Failures in Refineries (API-939-C, 2009), and 
Chevron’s guidelines on inspection on deadlegs (Chevron [n.d.5]) and 
sulfidation service (Chevron, 2009). 

• High-temperature H
2
-H

2
S corrosion – Couper-Gorman curves. 

• Ammonium Bisulfide – Chevron Hydroprocessing Best Practice, HP-
002 (Chevron [n.d.3]).  

• API-932-B, Design, Materials, Fabrication, Operation, and Inspection 
Guidelines for Corrosion Control in Hydroprocessing Reactor Effluent 
Air Cooler (REAC) Systems (API-932-B, 2012). 

• API-571, Damage Mechanisms Affecting Fixed Equipment in the 
Refining Industry (API-571, 2011).  

• API-581, Risk Based Inspection Technology (API-581, 2008). 
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Each of the Modernization Project-impacted units identified in Table A4.13-REL-4 
underwent more detailed analysis for the damage mechanisms identified as 
being impacted by post-Modernization Project conditions for that unit.  

1.7.1 High-Temperature Sulfidation 

Crude and gas oils are processed into final products through a series of 
separation steps that include heating of the oils for distillation (i.e., separation of 
liquids based on boiling points). When heated to high temperatures (i.e., above 
500oF), sulfur-containing crude oil blends and gas oils (or fractions of these oils) 
can thin the metal at the inside surface of a pipe or piece of equipment through 
a corrosion process called high temperature sulfidation (HTS). HTS results from a 
chemical reaction of the reactive sulfur in the crude or gas oil with the metal 
surface of the piping or equipment to form an iron sulfide scale. Over time, this 
results in reduced metal thickness and ultimately can result in failure (i.e., a leak) 
of pressure containing equipment. Thinning of metal from sulfidation corrosion 
almost always occurs as uniform metal loss; that is, the wall thickness of the 
pipe or equipment decreases evenly along the length of the wall over time. The 
metal loss due to sulfidation is uniform because it results from the diffusion (i.e., 
movement) of sulfur species from the process environment (i.e., the crude oil) 
through the sulfide scale that forms on the inside surface of the pipe or 
equipment to the metal surface where it reacts with the metal. This action of the 
sulfur occurs over the entire surface covered with the sulfide scale; thus resulting 
in a characteristic uniform loss. As a result of the uniform metal loss, sulfidation 
corrosion failure of a pipe or equipment typically causes a large rupture. 

1.7.1.1 Critical Factors 

There are several factors that may affect the rate of high-temperature sulfidation: 

1.7.1.1.1 Temperature 

Temperature is the most important parameter that influences sulfidation 
corrosion rates. For example, a 10% change in temperature is more significant 
than a 10% change in the other factors, such as sulfur content. 500oF is 
considered to be the threshold temperature where sulfidation of carbon steel 
becomes a significant. Below 450°F (230°C), the corrosion rate is essentially nil. 
The corrosion rate increases with temperature from approximately 450°F (230°C) 
to about 800°F. 

1.7.1.1.2 Amount of Sulfur 

All other conditions (i.e., temperature, hydrogen level, sulfur species and steel 
type) being equal, increasing the sulfur level can increase the sulfidation 
corrosion rate.  
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1.7.1.1.3 Type(s) of Sulfur Species Present: 

Different sulfur species in a crude oil have different levels of reactivity and can 
influence the rate of high-temperature sulfidation corrosion differently. Most 
crude oils contain a range of sulfur species including H

2
S, mercaptans, elemental 

sulfur, polysulfides, thiophenes, aliphatic sulfides and aliphatic disulfides and 
each has a different reactivity or effect on corrosion rate. Sulfur compounds tend 
to concentrate in heavier liquid fractions, but given the same sulfur content and 
temperature, light gaseous hydrocarbons appear to be more aggressive. 

1.7.1.1.4 Presence of Hydrogen  

A fundamental difference of H
2
-H

2
S corrosion vs H

2
-free corrosion is that low-alloy 

steels up through 12Cr are less effective in avoiding H
2
-H

2
S corrosion than in H

2
-

free streams, depending on the severity of the service. The 18Cr-8Ni stainless 
steels are most commonly used to obtain acceptable corrosion resistance. 

1.7.1.1.5 Alloy 

The sulfidation resistance generally increases with the amount of chromium in 
the alloy. For example, in sulfidation service the McConomy curves show 
increasing resistance with increasing amounts of chromium, i.e., 9Cr will corrode 
less than 5Cr, which corrodes less than carbon steel. The exact reason for the 
beneficial effect of Cr is not clear, but it is believed to be related to the stability 
and protective nature of the iron-chromium-sulfide scales formed. 

1.7.1.1.6 Si Content 

Carbon steels with low-silicon (< 0.10 %) content can corrode at an accelerated 
rate when exposed to H

2
-free sulfidation corrosion conditions. 

1.7.1.1.7 Other Parameters 

Coking can reduce the corrosion rate in non-fired equipment such as pressure 
vessels and piping due to the presence of a protective coke layer that prevents 
contact with the metal substrate with the corrosive sulfur compounds. 

1.7.1.2 Where Does Sulfidation Corrosion Occur?  

Sulfidation can occur in refinery process units where equipment and piping are 
exposed to temperatures above 500°F with sulfur compounds present. Below are 
examples of refining units where sulfidation is known to occur, depending on 
specific processing conditions.  

Crude unit – Sulfidation in a crude unit can occur in the hotter portions of the 
unit (>~500oF) in streams containing sulfur compounds. Sulfidation corrosion can 
first be an issue in the crude preheat train, including the crude charge furnace, 
where the crude is heated before going to the atmospheric tower. The 
atmospheric tower distills the crude into boiling point fractions, typically into 
broad categories of overhead products, side draw products and bottoms resid 
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(vacuum residue). Sulfidation corrosion can occur in the atmospheric tower from 
the mid-section down to the bottom section where temperatures are greater than 
the abovementioned 500oF. Sulfidation corrosion is typically an issue starting in 
the 3rd side cut through the bottom of the atmospheric tower where 
temperatures are greater than 500oF. Sulfidation corrosion is also a concern in 
the hotter sections of the vacuum system, including the charge heater, vacuum 
tower and piping.  

Hydroprocessing Unit – Sulfidation corrosion can occur wherever sulfur 
compounds are present in a hydrocarbon stream and the temperature exceeds 
approximately 500°F. H

2
S corrosion can also occur in the absence of 

hydrocarbons. In HP units there are two forms of sulfidation corrosion occurring, 
with and without, hydrogen. Areas of sulfidation corrosion in HP units without 
hydrogen typically occur in the feed preheat train up to the point where 
hydrogen is injected into the process. After the hydrogen injection, the H

2
-H

2
S 

form of sulfidation predominates until the hydrogen is removed in the high- and 
low-pressure separation drums.  

A fundamental difference of H
2
-H

2
S corrosion vs H

2
-free corrosion, which is 

common to HP units, is that low-alloy steels up through 12Cr are less effective in 
avoiding H

2
-H

2
S corrosion than in H

2
-free streams. The 18Cr-8Ni stainless steels 

are most commonly used to obtain acceptable corrosion resistance when there 
are significant amounts of hydrogen. 

Sulfur Recovery Unit - Sulfidation in a sulfur recovery unit typically is caused by 
H

2
S. Since hydrogen is not present in significant quantities in a sulfur recovery 

unit, the McConomy curves are used to predict corrosion rates.  

Fluid Catalytic Cracker Units – Sulfidation in fluid catalytic cracker units normally 
occurs in the reactor effluent line, the hotter portions of the main fractionator 
and associated fractionator sidecut and bottoms piping. Although H

2
S corrosion 

rates usually increase with temperature, fluid catalytic cracker experience 
deviates from this. H

2
S corrosion in fluid catalytic cracker reactors occurs at far 

lower rates than one would expect. For example, some fluid catalytic cracker 
units use carbon steel cyclones in reactors which last for up to 10 years at 
operating temperatures of 900-960oF.  

1.7.2 High-Temperature H
2
-H

2
S Corrosion 

Corrosion by H
2
S in the presence of hydrogen occurs via the same mechanism as 

corrosion by sulfur-containing oils in the absence of hydrogen. However, 
presence of hydrogen tends to increase the rate of sulfidic corrosion by 
decreasing the protectiveness of the sulfide scale and by enhancing the 
liberation of H

2
S from other sulfur species present. The “Couper-Gorman curves” 

provide industry-accepted estimates of the corrosion rates in H
2
-H

2
S 
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environments as a function of temperature and H
2
S concentration. Two sets of 

curves are used for carbon steel and the Cr-Mo steels - one set for naphtha 
desulfurizers (typical for streams containing mostly vaporized hydrocarbon) and 
one set for gas oil desulfurizers (typical for streams containing a significant 
amount of liquid hydrocarbon). For 12Cr steel and 18-8 stainless steel, only one 
set of curves are provided to cover both environments.  

1.7.2.1 Critical Factors 

The major factors affecting high temperature sulfidation are the temperature, the 
presence of hydrogen, the concentration of H

2
S and the alloy composition. When 

hydrogen is present in significant quantities, corrosion rates are higher than 
those associated with high temperature sulfidation in the absence of hydrogen. 
Sulfidation rates increase with increasing H

2
S content and especially with 

increasing temperature. Susceptibility to sulfidation is determined by the 
chemical composition of the alloy. Increasing chromium content of the alloy 
improves resistance (API-571, Figure 5-4).  

Carbon steel is resistant to corrosion by H
2
-H

2
S at temperatures up to about 

480ºF. 5 Cr, 9 Cr and 12 Cr steels provide better resistance than carbon steel 
and the austenitic stainless steels (typically 18 Cr – 8 Ni) offer by far the greatest 
resistance because of their nickel content. The Couper-Gorman curves are used 
to select materials for equipment and piping that handle H

2
-H

2
S environments. 

The Couper-Gorman curves are also used to obtain a conservative estimate of 
corrosion by gas phases containing H

2
S in the absence of hydrogen. 

1.7.2.2 Affected equipment and units 

H
2
-H

2
S corrosion occurs in piping and equipment in units where high temperature 

H
2
-H

2
S streams are found, including all HP units such desulfurizers, hydrotreaters 

and hydrocracking units. 

1.7.3 Wet Hydrogen Sulfide Damage (SSC/HIC/SOHIC) 

1.7.3.1 Description of Mechanism 

Wet H
2
S damage is manifested as several different types of metal deterioration 

Wet H
2
S damage can occur in four ways:  

1. Hydrogen Blistering. During the corrosion process, hydrogen atoms from 
corrosion at the corroding surface diffuse into the steel and gather at an 
inclusion, lamination, or other discontinuity. This hydrogen accumulation can 
cause the metal surface to bulge on the ID, the OD or within the wall 
thickness of a pipe or pressure vessel. When hydrogen molecules formed 
from the combination of the atoms become too large to diffuse out a local 
deformation from the pressure build-up forms a blister. 
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2. Hydrogen-Induced Cracking. Cracks can develop between hydrogen blisters, 
described above, located at different depths from the surface of the steel. 
The interconnecting cracks link adjacent or neighboring blisters, often in a 
stair or step pattern, which is sometimes referred to as “stepwise cracking.” 

3. Stress-Oriented Hydrogen-Induced Cracking (SOHIC). When arrays of cracks 
from HIC form in a stacked pattern on top of one another, a crack 
perpendicular to the surface through the thickness of the metal can form 
from high levels of residual or applied stress. These cracks, which are 
potentially more damaging than HIC, typically form in the base metal 
adjacent to the weld heat affected zones from HIC, sulfide stress cracks, or 
other defects. 

4. Sulfide Stress Cracking (SSC). The combination of tensile stress and corrosion 
in the presence of water and H

2
S can cause cracking of metal. SSC occurs 

when hydrogen atoms produced from sulfide corrosion absorb into the 
metal. SSC can occur in highly localized zones of high hardness in the weld 
metal and heat affected zones. 

1.7.3.2 Critical Factors 

The four forms of wet H
2
S damage are affected and differentiated by several 

critical factors, including environmental conditions (pH, H
2
S level, contaminants, 

temperature), material properties (hardness, microstructure, strength) and 
tensile stress level (applied or residual). These damage mechanisms can occur 
throughout the refinery wherever a wet H

2
S environment is present.  

1.7.3.3 Where It Can Occur 

Wet H
2
S cracking occurs in carbon steel plates (e.g., the walls of pressure vessels) 

and larger-diameter carbon steel pipes. 

1.7.4 Creep—Stress Rupture 

1.7.4.1 Description of Mechanism 

Creep occurs when metal components slowly and continuously deform under 
load below the yield stress at high temperatures. Damage can form from the 
deformation and could eventually lead to rupture. Creep affects all metals and 
alloys. 

1.7.4.2 Critical Factors 

The critical factors that determine the creep deformation rate are material, load 
(stress), and temperature. The rate at which damage occurs (strain rate) is 
determined by both load and temperature. A temperature threshold exists for 
each metal; when the metal temperature is above the threshold, creep damage 
can occur, depending on the stress.  
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1.7.4.3 Where It Can Occur 

Examples of equipment that operate in or near the creep range temperatures in a 
refinery include: heater tubes in fire heaters, tube supports, hangers, other 
furnace internals, hot-wall catalytic reforming reactors and furnace tubes, 
hydrogen reforming furnace tubes, hot wall fluid catalytic cracker reactors, and 
fluid catalytic cracker main fractionator and regenerator internals. Additionally, 
creep can occur in vessels and piping near major structural discontinuities 
including pipe tee joints, nozzles, or welds at flaws. These areas typically have 
both high metal temperatures and a concentration of stress.  

1.7.5 Ammonia Bisulfide Corrosion (Alkaline Sour Water) 

1.7.5.1 Description of Mechanism 

Hydroprocessing reactor effluent streams and units handling alkaline sour water 
are susceptible to aggressive localized corrosion. Below about 250°F, NH

4
HS can 

precipitate out of the gas phase in the reactor effluent stream and can cause 
fouling and plugging. NH

4
HS salt deposits lead to underdeposit corrosion and 

fouling. If the salts become hydrated, they can be very corrosive. Additionally, 
wash water containing oxygen and iron injected into the hydroprocessing reactor 
effluent can also increase corrosion and fouling. This corrosion has led to several 
major failures in hydroprocessing reactor effluent systems. Carbon steel is 
especially vulnerable to this type of corrosion. 300 Series stainless steels (SS), 
duplex SS, aluminum alloys, and nickel based alloys have more resistance to this 
corrosion, depending on the concentration of ammonium bisulfide (NH

4
HS) and 

the velocity. NH
4
HS is formed in the hydroprocessing reactors, fluid catalytic 

cracker reactors, and coker furnaces from the conversion of Nitrogen into 
ammonia reacting with H

2
S formed from sulfur conversion. 

1.7.5.2 Critical Factors 

The critical factors that influence alkaline sour water corrosion include NH
4
HS 

concentration, H
2
S partial pressure, velocity and/or localized turbulence, pH, 

temperature, alloy composition and flow distribution. Corrosion increases with 
increasing velocity and NH

4
HS concentration (above about 2 wt.%).  

1.7.5.3 Where It Can Occur 

HP units, fluid catalytic cracker units, sour water strippers (SWS), amine units, 
and delayed cokers can be affected by this type of corrosion. Heat exchangers 
can become plugged and lose their functionality from fouling, and brass tubes 
and other copper alloys are vulnerable to rapid corrosion from NH

4
HS. 
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1.7.6 Ammonium Chloride Corrosion 

1.7.6.1 Description of Mechanism 

Ammonium chloride corrosion can occur under ammonium chloride or amine 
salt deposits often in the absence of a free water phase. This type of corrosion 
can be general or localized and frequently occurs as pitting. Corrosion rates can 
be very high. According to the API-571, “all commonly used materials are 
susceptible.” 

1.7.6.2 Critical Factors 

The critical factors affecting the ammonium chloride corrosion and corrosion 
rate are the concentration of NH

3
 and HCl, temperature, and water availability. 

Ammonium chloride salts can precipitate from the cooling of high-temperature 
streams. These can corrode piping and equipment at temperatures beginning at 
about 300°F. Ammonium chloride salts are able to absorb water and become 
corrosive to equipment and piping in the absence of a free liquid water phase. 

1.7.6.3 Where It Can Occur 

In general, crude tower overheads (tower top, overhead piping and exchangers, 
and top pump around streams) can become corroded by ammonia and/or 
amine/ammonium chloride salts. Reactor effluent streams in the 
hydroprocessing unit are vulnerable to ammonium chloride salt fouling and 
corrosion. Within the catalytic reforming process, reactor effluent streams are 
subject to ammonium chloride salting and corrosion. Additionally, the fluid 
catalytic cracker unit overheads and top pump arounds are also susceptible to 
these processes. 

1.7.7 High-Temperature Hydrogen Attack 

1.7.7.1 Description of Mechanism 

High Temperature Hydrogen Attack (HTHA) damage is caused by a reaction 
between hydrogen gas that diffuses through steel and carbide particles in the 
steel to form methane gas (CH

4
). The formation of methane gas in the steel 

causes internal voids, fissures and cracks that weaken the steel. Failure due to 
HTHA most frequently occurs as a comparatively small leak resulting from the 
internal fissures and cracks that progress through the entire thickness of a 
pressure containing component, such as a vessel or piping.  

In the same way that the McConomy curves are used to assist in selection of 
appropriate materials when high temperature sulfidation (HTS) is a concern, the 
Nelson Curves in API-941, Steels for Hydrogen Service at Elevated Temperatures 
and Pressures in Petroleum Refineries and Petrochemical Plants (API 941, 2008), 
is used to help in selection of materials when HTHA is a concern. The Nelson 
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Curves provide limits for steels as a function of temperature and hydrogen 
partial pressure. 

1.7.7.2 Critical Factors 

For a specific material, HTHA is dependent on temperature, hydrogen partial 
pressure, time and stress. The service exposure time is cumulative. HTHA is 
preceded by a period of time when no noticeable change in properties is 
detectable by normal inspection techniques. All carbon and low alloy steels are 
susceptible to HTHA embrittlement, depending on the specific operating 
conditions of hydrogen partial pressure and temperature, including in order of 
increasing resistance carbon steel, C-0.5Mo, Mn-0.5Mo, 1Cr-0.5Mo, 1.25Cr-
0.5Mo, 2.25Cr-1Mo, 2.25Cr-1Mo-V, 3Cr-1Mo, 5Cr-0.5Mo, 9Cr-1Mo and similar 
steels with variations in chemistry. The austenitic stainless steels, 304SS/316SS 
are considered immune to HTHA under normal refining processing conditions.  

Two types of deterioration of steel occur in hydrogen service at elevated 
temperatures: (1) surface decarburization and (2) internal 
decarburization/fissuring. Surface decarburization is the predominant mode of 
deterioration at low hydrogen partial pressures (below 100 psia) and high 
temperatures (above 900ºF). Internal decarburization/fissuring is the 
predominant mode of deterioration at lower temperatures (between 430ºF and 
900ºF) and at higher hydrogen partial pressures (above 100 psia). 

1.7.7.3 Where it can occur 

HTHA can occur in the following process units: 

 Hydrotreating Units 

 Hydrocracking Units 

 Catalytic Reforming Units 

 Hydrogen Plants Isomerization Units 

The Chevron Modernization Project will install a new hydrogen manufacturing 
facility which will increase hydrogen purity and hydrogen partial pressure. 

1.7.8 Acidic Sour Water Corrosion 

1.7.8.1 Description of Mechanism 

Another form of metal corrosion risk occurs when H
2
S gas interacts with water 

and creates acidic sour water with a pH of 4.5 to 7.0. The sour water can contain 
highly soluble levels of ammonia, chlorides, cyanides that may affect the pH. 
Carbon steel is affected by this type of corrosion; stainless steels, copper alloys, 
and nickel base alloys are generally resistant. 
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1.7.8.2 Critical Factors 

The primary factors that determine acidic sour water corrosion are H
2
S content, 

pH, temperature, velocity, and oxygen concentration. The pH of a solution 
decreases as the concentration of H

2
S increases. When the pH of a stream falls 

below 4.5, corrosion can becomes severe. HCl and CO
2
 can also increase the 

acidity of the stream. In addition, the presence of air or oxidants increase 
corrosion rates and tend to produce pitting or underdeposit attack. 

1.7.8.3 Where It Can Occur 

Acidic sour water corrosion can be a concern in overhead systems of crude units, 
fluid catalytic cracker and coker gas fractionation plants with high H

2
S levels and 

low NH
3
 levels. 

1.7.9 Oxygen-Enhanced Ignition and Combustion 

1.7.9.1 Description of Mechanism 

Even at low pressures, many metals that are non-flammable in air are flammable 
in oxygen and enriched air (>25%) services. If not properly designed, operated, 
or maintained, metallic and non-metallic components that spontaneously ignite 
or combust can turn into fires or explosions in the right oxygen-enriched 
gaseous environments. Once they ignite, metals and non-metals continue to burn 
aggressively with higher oxygen purity, temperature, and pressure. Materials 
affected, with varying degrees of resistance, include carbon steels and low alloy 
steels, austenitic stainless steels (300 Series), titanium alloys, aluminum, 
plastics, rubbers, and hydrocarbon lubricants. Copper alloys (with >55% copper) 
and nickel alloys (with >50% nickel) are very fire resistant. 

1.7.9.2 Critical Factors 

Several factors contribute to the combustion and ignition of materials, including 
the system pressure, oxygen concentration of the stream, line velocity, 
component thickness, design and piping configuration, cleanliness and 
temperature. As temperature increases, ignition and sustained combustion 
require a lower amount of added energy (ignition temperature). The entrainment 
of particles in flowing oxygen can strike impingement areas, such as sharp 
elbows, tees, and valves, and pose an increased risk for ignition during high 
velocity oxygen flow conditions. Additionally, contamination of a process with 
metallic fines or oils and greases during construction or maintenance activities 
can lead to fires during unit startup. 

1.7.9.3 Where It Can Occur 

All units that use oxygen or enriched air for combustion or processing are 
susceptible to this damage mechanism. In general, oxygen is sometimes used in 
the sulfur recovery unit, fluid catalytic cracker, gasification, and partial oxidation 
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(POX) units. Especially vulnerable to this type of damage are oxygen piping 
systems, particularly valves, regulators, and other impingement areas. 

1.8 DAMAGE MECHANISMS POTENTIALLY ACTIVE IN THE 

FACILITY IMPACTED UNITS BUT DETERMINED TO BE NOT 
AFFECTED BY THE MODERNIZATION PROJECT 

Below are listed damage mechanisms that could be active in the Impacted Units 
of the Facility but were not considered to be affected by the Modernization 
Project. There are other damage mechanisms listed in API-571 Table 5-4 that 
aren’t covered in this Appendix; however, they would be mechanisms that are 
associated with non-impacted units and therefore are not evaluated further as a 
part of this Reliability Analysis. 

1.8.1 Polythionic Acid Cracking  

Polythionic Acid Cracking is a form of stress corrosion cracking normally 
occurring during shutdowns, startups or during operation when air and moisture 
are present. Cracking is due to sulfur acids forming from sulfide scale, air and 
moisture acting on sensitized austenitic stainless steels. 

There is no austenitic stainless steel fixed equipment or piping in the crude unit 
with pressure boundary containment so this damage mechanism does not apply 
in the existing setting nor post-Modernization Project.  

1.8.2 Localized Flow Accelerated Corrosion (FAC) 

Chevron has listed FAC as a potential damage mechanism for the crude unit 
overhead system in their Crude Unit Atmospheric Overhead Corrosion Control 
Best Practice document (May 2005), but did not include this mechanism in their 
API-571 damage mechanism spreadsheet matrix for the crude unit. They have 
defined FAC as “a long term corrosion mechanism that causes gradually thinning 
at points of high velocity liquid impingement.” Based on discussions with 
Chevron corrosion and materials personnel, FAC was intended to describe 
accelerated thinning due to high liquid velocities and/or turbulence at 
unpredictable locations. The term FAC is not intended to refer to the specific 
corrosion mechanism sometimes associated with steam/boiler water systems, 
particularly documented in the power industry. 

1.8.3 Naphthenic Acid Corrosion 

Naphthenic acid corrosion (NAC) is a form of high-temperature corrosion that 
occurs primarily in crude and vacuum units, and downstream units that process 
certain fractions or cuts that contain naphthenic acids. NAC is a function of the 
naphthenic acid content (neutralization or TAN number), temperature, sulfur 
content, velocity and alloy composition. 
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NAC is not expected to be a viable damage mechanism in the No. 4 crude unit, 
based on the low naphthenic acid crudes that are expected to be processed 
based on the post-Modernization Project (Chevron has an existing flag on 
accepting crude blends with TAN numbers greater than 0.3 mg/kg which will 
continue post-Modernization Project to avoid NAC corrosion). Therefore, post-
Modernization Project conditions are not expected to result in an increase in 
current naphthenic acid content of crudes. 

1.8.4 HCl Corrosion  

HCL corrosion is considered to be an active damage mechanism in the crude unit 
overhead system; however, since its formation primarily depends on the amount 
of hydrolysable chlorides going overhead in the atmospheric tower from 
chlorides in the crude and a correlation between post-Modernization Project 
crude blends and chlorides was not established (Appendix 4.3-MET), HCL 
corrosion is not considered a post-Modernization Project damage mechanism. 

1.8.5 Oxidation  

Oxidation is a damage mechanism whereby oxygen reacts with carbon steel and 
other alloys at high temperature converting the metal to oxide scale. It is most 
often present as oxygen in the surrounding air (approximately 20%) used for 
combustion in fired heaters and boilers. 

Oxidation could conceivably be a viable damage mechanism in the atmospheric 
tower furnace; however, oxidation has no correlation with increased sulfur crude 
feeds to the unit; therefore, it is not considered to be included as a post-
Modernization Project damage mechanism.  

1.8.6 Caustic Cracking/Caustic Corrosion/Injection Point 
Corrosion 

Caustic embrittlement is a form of stress corrosion cracking characterized by 
surface-initiated cracks that occur in piping and equipment exposed to caustic, 
primarily adjacent to non-post weld heat treated welds. Carbon steel, low alloy 
steels and 300 Series SS are susceptible. Susceptibility to caustic embrittlement 
in caustic soda (NaOH) and caustic potash (KOH) solutions is a function of 
caustic strength, metal temperature and stress levels. Chevron injects 5% caustic 
into the crude stream before the furnace to help manage HCL concentrations in 
the crude tower overhead system. There was no correlation established between 
post-modernization crudes, increased chlorides and whether the caustic injection 
would need to be modified. Normally, the desalter will desalt down to 
specification limits regardless of chlorides. Therefore, caustic cracking is not 
considered to be a post-Modernization Project damage mechanism. 
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1.8.7 Erosion / Erosion-Corrosion  

Erosion is the accelerated mechanical removal of surface material as a result of 
relative movement between, or impact from solids, liquids, vapor or any 
combination thereof. In most cases, corrosion plays some role so that pure 
erosion (sometimes referred to as abrasive wear) is rare. It is critical to consider 
the role that corrosion contributes. For each environment-material combination, 
there is often a threshold velocity above which impacting objects may produce 
metal loss. Increasing velocities above this threshold results in an increase in 
metal loss rates. 

In the Chevron Crude unit, erosion could be a damage mechanism factor post-
Modernization Project if the throughput through the unit were to increase 
velocities in the high-temperature streams subject to sulfidation; however, 
Chevron has stated that crude velocities will not increase with the Modernization 
Project. Therefore, erosion should not be a post-Modernization Project issue in 
the crude unit.  

1.8.8 Chloride Stress Corrosion Cracking  

Chloride SCC cracks are surface initiated cracks caused by environmental 
cracking of 300 Series SS and some nickel base alloys under the combined action 
of tensile stress, temperature in an aqueous chloride environment. The presence 
of dissolved oxygen increases propensity for cracking. All 300 Series SS are 
highly susceptible, b) Duplex stainless steels are more resistant, c) nickel base 
alloys are highly resistant. Chloride content, pH, temperature, stress, presence of 
oxygen and alloy composition are critical factors. 

Chevron states that there is no austenitic stainless steel fixed equipment or 
piping in the crude unit overhead system serving a pressure boundary function. 
In addition, there is no post–Modernization Project chloride correlation, as 
described in Appendix 4.3-MET. Therefore this damage mechanism risk does not 
change with the post-Modernization Project conditions.  

1.8.9 Short Term Overheating  

Short term overheating is the permanent deformation occurring at relatively low 
stress levels as a result of localized overheating. This usually results in bulging 
and eventually failure. Affected materials include all fired heater tube materials 
and common materials of construction. Critical factors include temperature, time 
and stress. The damage usually is due to flame impingement or local 
overheating. 

Like creep and oxidation, short term overheating is a damage mechanism that 
would be present only in the atmospheric tower charge furnace. Regardless of 
any potential increased duty on the charge furnace based on possible crude 
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changes with the Modernization Project, tube skin temperature monitoring along 
with periodic infrared thermography scans ensures the furnaces will stay within 
existing tube metal design limits.  

1.8.10  885°F Embrittlement 

885°F embrittlement is a loss in toughness due to a metallurgical change that 
can occur in alloys containing a ferrite phase, as a result of exposure in the 
temperature range between 600°F to 1000°F. Affected materials include 400 
Series SS (e.g., 405, 409, 410, 410S, 430, and 446). The alloy composition, 
particularly chromium content, amount of ferrite phase, and operating 
temperature are critical factors. Increasing amounts of ferrite phase increase 
susceptibility to damage when operating in the high-temperature range of 
concern. A dramatic increase in the ductile-to-brittle transition temperature will 
occur as a result of embrittlement. Damage is cumulative and results from the 
precipitation of an embrittleing intermetallic phase that occurs most readily at 
approximately 885°F. The impact on toughness is not pronounced at the 
operating temperature, but is significant at lower temperatures experienced 
during plant shutdowns, startups or upsets. 885°F embrittlement can be found in 
any unit where susceptible alloys are exposed to the embrittleing temperature 
range; therefore, most refining companies limit the use of ferritic stainless steels 
to non-pressure boundary applications because of this damage mechanism. 
Common examples include fractionator trays and internals in high-temperature 
vessels used in fluid catalytic cracker, crude, vacuum and coker units. 

The type 410SS lining installed below tray 19 in the atmospheric tower and in the 
bottom of the vacuum tower is susceptible to 885°F embrittlement at normal 
operating temperatures. However, the susceptibility is based on the material of 
construction and the operating temperature of the tower, neither of which 
should change resulting from Modernization Project conditions; therefore, 885°F 
embrittlement is not included as a post-Modernization Project damage 
mechanism. 

1.8.11 Dissimilar Metal Weld (DMW) Cracking 

Cracking of dissimilar metal welds occurs in the ferritic (carbon steel or low alloy 
steel) side of a weld between an austenitic (300 Series SS) and a ferritic material 
operating at high temperature. Affected materials include ferritic materials such 
as carbon steel and low alloy steels that are welded to the austenitic stainless 
steels, plus as any material combinations that have widely differing thermal 
expansion coefficients. Critical factors include the type of filler metal used to 
join the materials, heating and cooling rate, metal temperature, time at 
temperature, weld geometry and thermal cycling. Dissimilar metal welds have 
been used in piping in fired heater applications where the heater tube material 
changes from 5Cr or 9Cr to 300 Series SS. 
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As dissimilar weld cracking is strictly a function of material combination and 
high-temperature exposure, post-Modernization Project conditions should not 
influence this damage mechanism. 

1.8.12 CO
2
 Corrosion 

Carbon dioxide (CO
2
) corrosion results when CO

2
 dissolves in water to form 

carbonic acid (H
2
CO

3
). The acid may lower the pH and sufficient quantities may 

promote general corrosion and/or pitting corrosion of carbon steel. Carbon and 
low alloy steels are affected. The partial pressure of CO

2
, pH and temperature are 

critical factors.  

CO
2
 corrosion can occur in the overhead of the vacuum tower. Modernization 

Project conditions are not expected to increase any current levels of CO
2
 in the 

overheads of the vacuum tower, based on increased sulfur in the crude feed.  

1.8.13 Fuel Ash Corrosion 

Fuel ash corrosion is accelerated high-temperature wastage of materials that 
occurs when contaminants in fuel form deposits and melt on the metal surfaces 
of fired heaters, boilers and gas turbines. Corrosion typically occurs with fuel oil 
or coal that is contaminated with a combination of sulfur, sodium, potassium 
and/or vanadium. The resulting molten salts (slags) dissolve the surface oxide 
and enhance the transport of oxygen to the surface to re-form the iron oxide at 
the expense of the tube wall or component. All conventional alloys used for 
process heater and boiler construction are susceptible. The concentration of 
molten salt forming contaminants, metal temperature and alloy composition are 
critical factors. The severity of damage depends on the type of fuel (i.e., the 
concentrations of contaminants in the fuel), sulfur content and metal 
temperature. 

Corrosion occurs by this mechanism only if the metal temperature is above the 
temperature of the liquid species formed and it is most severe where the 
temperatures are the highest.  

Fuel ash corrosion is a damage mechanism that would affect the atmospheric 
and vacuum tower furnace tubes. However, it is a damage mechanism that 
originates in the fuel used to fire the furnace, not in the crude feed and Chevron 
has stated that they do not use any fuels containing these corrosive constituents; 
therefore, fuel ash corrosion is not considered to be a post-Modernization 
Project damage mechanism.  

1.8.14 Ammonia Stress Corrosion Cracking 

Aqueous streams containing ammonia may cause stress corrosion cracking (SCC) 
in some copper alloys. A water phase with ammonia or ammonia compounds 
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must be present. Oxygen is necessary, but trace amounts are sufficient. Carbon 
steel is susceptible to SCC in anhydrous ammonia. Copper-zinc alloys (brasses), 
including admiralty brass and aluminum brasses, are susceptible. The 90-10CuNi 
and 70-30CuNi alloys are nearly immune. 

Chevron has 70-30 Cu-Ni copper alloy exchanger tubes in the overhead of the 
atmospheric tower, however, this alloy is considered to be immune to ammonia 
stress corrosion cracking for all practical purposes. Therefore, any increase 
ammonia that is required post-Modernization Project to neutralize increase in 
crude tower overhead systems acids should not increase the susceptibility to 
ammonia SCC, particularly as there is already sufficient ammonia in the overhead 
to cause cracking of susceptible copper containing exchanger tubes and no 
failures due to the damage mechanism have been reported. Also, any failure of 
an exchanger tube in the crude tower overhead system would not result in failure 
of a pressure boundary component and release to atmosphere.  

1.9 RISKS FROM RELEVANT DAMAGE MECHANISMS RELATED 
TO MODERNIZATION PROJECT OPERATIONAL CHANGES 

1.9.1 General Methodology 

This section discusses the methodology and rationale used to assess any newly 
created damage mechanisms in the crude unit resulting from the Modernization 
Project changes and/or damage mechanisms that would increase from previous 
baseline levels.  

The first step in the damage mechanism review was to determine the post-
Modernization Project operating conditions. This was done by: (1) conducting 
interviews with Chevron Modernization Project personnel, technical department 
materials/corrosion and process personnel and personnel responsible for crude 
selection and purchases and (2) requesting and reviewing relevant documents 
needed for the assessment, including, (a) Chevron procedures and best 
practices, (b) industry standards, (c) process information and (d) crude selection, 
purchasing and blending procedures and practices, including representative 
assays of their intended post-Modernization Project crude blends.  

The second step was to use the above information and data to independently 
assess the potential damage mechanisms resulting from the new, higher sulfur 
crude blends against the 66 damage mechanisms in API-571, Damage 
Mechanisms Affecting Fixed Equipment in the Refining Industry, (API-571, 2011) 
and any others, based on the reviewer’s approximately 36 years of experience 
with damage mechanisms and environmental degradation of fixed equipment 
and piping in the refining and chemical industries. In addition to the above 
Chevron documents, other private communications, industry documents and 
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published papers were reviewed in the assessment (see Section 1.11, 
References). 

The third step of the analysis was to evaluate the potential impact of the 
identified damage mechanisms on fixed equipment, piping and piping 
components. Only those damage mechanisms resulting from a change based on 
post-modernization conditions were considered, i.e., damage mechanisms for 
existing conditions that are not projected to change with the Project were not 
evaluated.  

1.9.2 Crude Unit 

Given the potential for damage mechanisms in the crude unit resulting from the 
Modernization Project, the Reliability Analysis included an extensive evaluation 
of the possible damage mechanisms that could impact the crude unit post-
Modernization Project. To assess the potential impact of the post-Modernization 
Project crude unit damage mechanisms, each identified damage mechanism was 
evaluated as to its anticipated location(s) in the crude unit and the specific 
equipment and piping it would affect. Those equipment and piping items were 
then evaluated against Chevron’s current programs and practices related to 
equipment and piping reliability, published industry best practice documents and 
this reviewer’s personal experience against anticipated post-Modernization 
Project changes to their operations to see if their mitigation plans were sufficient 
to prevent failures in post-Modernization Project operation. The equipment and 
piping reliability review included interviews with Chevron personnel and review 
of their mechanical integrity documents including: (a) Mechanical Integrity 
program procedures and working documents, (b) inspection procedures, (c) 
results of crude unit inspections, (d) Chevron Best Practices and (e) corrosion 
monitoring programs. The above was the methodology to assess impacted 
damage mechanisms in the other units in Table A4.13-REL-4, but with 
differences in detail specific to those units. 

In summary, the crude unit damage mechanism methodology and review process 
included the following attributes: 

1. Verify characteristics of new crude blends 

2. Verify what additional or increased damage mechanisms (DM) are anticipated 
with new crudes 

3. Verify where the DM are expected to occur in the unit 

4. Verify current condition and inspection/monitoring methods (present risk) 

5. Verify future risk through a gap analysis of current and post-Modernization 
Project intended practices 
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6. Identify and recommend measures that could reduce risks associated with 
increased DM activity that could result from the Modernization Project 

The above steps are generally consistent with the methodology that Chevron 
followed in their internal reliability review, based on review of their document 
submittals. 

1.9.2.1 Process Description  

Crude units distill crude oil to produce up to nine distillate streams and vacuum 
residuum. The crude oil is heated, desalted and split into various product 
streams that are sent to intermediate tankage or to downstream processing units 
as feed. 

Crude units consist of the following overall systems: 

 Crude feed booster pumps 

 Primary heat exchanger train 

 Desalter 

 Flash drum 

 Secondary heat exchanger train 

 Atmospheric furnace and column 

 Naphtha stabilizer C-1190 

 Vacuum furnace and column 

 Vent gas recovery 

 Sour water 

The desalter removes water, salts and suspended solids from the crude oil prior 
to entering the flash drum. Chloride salts can decompose to form hydrogen 
chloride (HCl) in the atmospheric and vacuum furnaces. HCl forms hydrochloric 
acid in the presence of water. This acid can severely corrode atmospheric and 
vacuum column overhead systems. Salts and solids foul heat exchanger and 
furnace tube surfaces resulting in reduced heat transfer and higher-pressure 
drop in these units.  

Crude oil contains as much as 2% water, which is usually carried in an emulsified 
form. Sources of water are formation water, water used in field recovery, 
seawater picked up during shipment, and water from tank bottoms. Salt content 
of crude can be as high as 10-40 pounds per thousand barrels (pptb). 
Periodically, it may contain as high as 200 pptb. Salts found in crude oil are 



MARCH 2014 CHEVRON REFINERY MODERNIZATION PROJECT EIR 
 APPENDIX 4.13-REL 

 
 
 

A4.13-REL-51 

primarily sodium chloride with smaller amounts of calcium, magnesium, iron, 
and aluminum chlorides, sulfates and bicarbonates. Suspended solids, sand, 
drilling mud, high melting point waxes, and corrosion products may also be in 
the crude. These contaminants are removed by desalting to the 0.5-1 pptb level. 

Desalted crude oil normally contains about 0.1%-0.3% water. This water contains 
salt. The purpose of the flash drum is to vaporize (flash) the light ends and any 
remaining water in the desalted crude oil. This reduces fouling in the 
downstream exchangers since any residual salt in the flash bottoms will plate 
out on the downstream exchanger tubes. The secondary heat exchanger train 
further raises the temperature of the flashed crude from the flash drum to 
approximately 520-525°F before entering the atmospheric furnaces. 

The atmospheric furnaces and column control the unit crude feed rate, control 
furnace firing and raises the temperature of the feed to approximately 700°F 
before entering the crude tower. The crude tower distills the product streams to 
meet product specifications and provides feed to the vacuum furnace. The 
primary purpose of the atmospheric furnace is to provide a controlled source of 
heat to the crude oil. The furnace heats the crude oil to about 675°F and 
vaporizes it. The mixture then flows to the flash zone of the column. Steam 
superheating, steam generation, and boiler feed water heating coils are provided 
in the furnace convection section above the crude oil coils. These coils provide 
additional heat recovery and improve overall efficiency of the furnaces.  

The atmospheric column accepts crude in the flash zone from the crude furnace 
at a temperature of approximately 675°F. In the flash zone, the vapor and liquid 
separate. The vapor passes up through the wash oil section, above which column 
trays distill the fractions according to their boiling points. The liquid falls down 
through the stripper section toward the bottom of the column for further 
processing in the vacuum column. The atmospheric column temperature 
decreases progressing up the column from the flash zone. Vapor advancing up 
the column contacts liquid coming down from the trays above. The liquid and 
vapor become richer in light components as they rise. Consequently, the liquid 
removed at the upper trays yields products with lighter boiling ranges. 

The atmospheric column sidecut streams are: 

 First Sidecut (jet) 

 Second Sidecut (jet) 

 Third Sidecut (diesel) 

 Fourth Sidecut (light gas oil) 
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The four sidecuts are drawn from the atmospheric column. The first and second 
sidecuts go to the Jet Hydrotreater (JHT) as hot feed, the third sidecut goes to the 
Diesel Hydrotreater (DHT) as hot feed, and the fourth sidecut can go directly to 
the TKN Unit as a hot stream, or cooled and sent to TKN cold feed tankage. 

The atmospheric overhead section cools and separates hydrocarbon and water 
vapors that were not condensed in the column. All of the stripping steam that 
was injected at the bottom of the column rises to the top and is condensed. 
Some of the hydrocarbon liquid is condensed and some remains in the gas 
phase. The hydrocarbons remaining in the gas phase are the lightest ends. 

The bottom section of the atmospheric column collects the atmospheric 
residuum prior to further processing in the vacuum column. Residuum contains 
liquid that was not vaporized in the flash zone and excess wash oil. Liquid that 
was not vaporized in the flash zone flows through the stripper section to the 
bottom compartment. 

The stabilizer column processes atmospheric column overhead (naphtha) from 
the atmospheric column reflux drum that is not required for atmospheric reflux. 
It removes butanes and lighter components from the naphtha. 

The vacuum furnace and column system recovers vacuum gas oils from the 
atmospheric residuum. The primary purpose of the vacuum furnace is to provide 
a controlled source of heat to the atmospheric residuum. There, it is heated to 
approximately 775°F and flows to the flash zone of the column. The vacuum 
furnace vaporizes the residuum prior to its entry into the column. Vapor from 
the top of the vacuum column contains steam, light hydrocarbon, and H

2
S. 

Three sidecuts drawn from the vacuum column are: 

 6 Sidecut (light gas oil) 

 7 Sidecut (heavy gas oil) 

 8 Sidecut (heavy gas oil)  

The vent gas recovery system compresses the overhead gas from the vacuum 
column and assists in maintaining the vacuum. It recovers low-pressure sour gas 
streams from the complex and provides additional flare gas recovery from relief 
line gases  

The Sour Water system includes the following equipment: 

 Sour Water Degasser 

 Fin Fan Coolers 
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 Sour Water Pumps 

The sour water degasser serves as the intermediate destination for all of the sour 
water produced in the LSFO complex. Sour water streams include those from the 
JHT, DHT, NHT units and V-3211, and V-1160 in the crude unit. The sour water 
degasser is also a separate system that can run with the crude unit shut down. 
The degasser allows light hydrocarbons and H

2
S to flash off of the sour water 

streams at low pressure before being routed to sour water tankage and 
separates heavier hydrocarbons and water.  

1.9.2.2 General Corrosive Constituents in Oil  

The composition of crude oil is important to crude unit operations, but it cannot 
be changed. It is set by the oilfield it came from and the production operations 
used to gather the oil and make it suitable for shipment. Crude oil composition 
varies from tanker to tanker. For minimum refinery corrosion, the charge to the 
crude distillation unit should be dry (no liquid water) and contain minimum 
impurities. Some impurities, if present in the crude charge, can cause corrosion 
problems in other downstream units.  

The constituents in oil that cause corrosion are sulfur compounds, salt water, 
inorganic and organic chlorides, inorganic and organic acids, and nitrogen 
(which forms cyanides and ammonia bisulfides).  

Sulfur compounds are contained in crude oil as H
2
S, mercaptans, and complex 

organic sulfur compounds generally present in the range of 0.1 to 5.0 wt. % 
sulfur. Salts, including sodium, calcium and magnesium chlorides in water, are 
dispersed in the crude oil. Naphthenic acids are mixed organic acids present in 
crude oil in the range of 0.03-0.40 wt.%. Organic chlorides are usually picked up 
in the field due to the use of chlorinated solvents for dewaxing producing wells 
and pipelines. The sulfur compounds found in crude oil are shown in Figure 
A4.13-REL-4.  

As can be seen in Figure A4.13-REL-4, a wide variety of sulfur compounds can be 
present in crude oil. The corrosivity of a specific crude oil, based on its total 
sulfur content, is difficult to predict due to variations in the degree of 
decomposition of sulfur compounds during processing. One approach to 
approximating the corrosiveness of a crude oil is to measure the amount of H

2
S 

generated as a crude oil sample is heated to several temperature levels in the 
400-800°F range. High sulfur crude oils, such as Kuwait and Merey, usually 
require materials resistant to sulfur only in high-temperature areas, such as 
heaters and the bottom of the crude distillation tower. The severity of corrosion 
often depends on the type of sulfur in the stream, the temperature level, and 
stream velocity. Carbon steel with a reasonable corrosion allowance is usually  

  





MARCH 2014 CHEVRON REFINERY MODERNIZATION PROJECT EIR 
 APPENDIX 4.13-REL 

 
 
 

A4.13-REL-55 

adequate to resist sulfur corrosion below 550°F. Chevron has adopted the API-RP-
939C recommendation that carbon steel (fully killed4 with a silicon content 
greater than 0.1 wt.%) in new construction is a suitable material in sulfidation 
service up to 525°F.  

Crude oil containing more than about 0.05 ft.3 dissolved H
2
S per 100 gal of oil is 

called “sour”. However, crude 0.1 containing less than 0.5 ft.3 of H
2
S per 100 gal 

of oil is not corrosive to steel in petroleum processing equipment (Bogaerts, 
1998). The compounds shown in Figure PS-TR-2 decompose thermally, during 
processing, into constituents such as H

2
S and mercaptans (organic sulfur 

compounds). In sufficient quantities (above ~0.2 wt.%), the compounds can be 
corrosive to carbon and low-alloy steels at temperatures above ~480°F to 550°F 
and up to 850°F. Above 850°F, corrosion rates decrease if the pipe inner 
diameter coke up; otherwise, the corrosion rates continue to increase. 

Crude oils charged to a crude heater contain varying amounts of salts such as 
sodium, magnesium and calcium chlorides, along with basic sediment and water 
(BS&W). As the crude oil is heated, magnesium and calcium chlorides hydrolyze 
to hydrochloric acid (HCl) in the heater and tower. This causes no problem in the 
middle and lower sections of the tower since HCl is not corrosive at temperatures 
above the water acid dewpoint. Corrosion from HCl usually occurs in the upper 
tower and the tower overhead system where the temperature is below the water 
dew point of about 240-280°F. The water dew point can vary considerably from 
one crude unit to another depending on the water partial pressure and could 
possibly be as high as 300°F. Another factor involved when excessive amounts of 
HCl are generated in the crude tower is that HCl is continuously regenerated by 
H

2
S unless neutralized by ammonia. Therefore, ferrous chloride formed by the 

reaction of iron and HCl in turn reacts with H
2
S to form iron sulfide and HCl. The 

advantages of maintaining the lowest possible HCl level in the crude upper tower 
and overhead system is readily evident since even small amounts of HCl are 
regenerated in the presence of H

2
S until the free HCl is neutralized by ammonia 

addition in the overhead line. The usual approach to controlling acid attack in 
the overhead system is the addition of neutralizing agents and corrosion 
inhibitors. 

Laboratory studies show that there are widely different evolution levels of H
2
S 

and HCl depending on the type of mercaptans in the crude, the salt level, and the 
composition of the salts. Some oils are much more susceptible to the evolution 
of hydrochloric acid than others having similar total chloride contents, which 
indicates that there are other factors besides the chloride concentration that 
affect the hydrolysis of these salts. 

                                               
4 “Steel that has been deoxidized sufficiently for it to lie perfectly quiet when poured into 
an ingot mold” (U.S. Steel Corporation, 1971). 
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Hydrochloric acid evolved in distillation is formed principally as a result of the 
hydrolysis of magnesium chlorides. Calcium and sodium salts do not materially 
contribute to the formation of hydrochloric acid from hydrolysis of salts. Most of 
the magnesium chloride hydrolyzes in the temperature range of 400-600°F. At 
600°F, calcium chloride, and to a lesser extent sodium chloride, also begin to 
hydrolyze. Various acidic materials in the crude oil such as naphthenic acids and 
phenols will promote the evolution of hydrochloric acid under distillation 
conditions. The undesirable impacts arising from the presence of salts and BS&W 
in crude oil charge stocks can be classified into five principal categories: 

1. Salt deposits in exchangers and furnaces 

2. Evolution of corrosive hydrochloric acid  

3. Contamination of residual products. 

4. Reduced capacity and/or fuel efficiency due to heating water  

5. Erosion of equipment by sediment. 

The hydrochloric acid generated in the crude is extremely corrosive and makes it 
necessary to inject ammonia into overhead lines to minimize corrosion damage. 
Ammonium chloride formed as a result of the neutralization reaction is itself 
corrosive however, and tends to plug up condensers and columns in the 
overhead system. 

Assays of crude should be current. Recovering heavier oils from an oil field 
changes the sulfur and organic acid contents. Since total acid numbers and weak 
acid numbers do not differentiate between naturally occurring naphthenic acid 
and some acids caused by oxidation, it becomes difficult to determine whether 
or not naphthenic acid corrosion will be a problem. The increase in crude-
specific gravity makes the determination of the total acid number more difficult 
and increases the probability of error. 

Organic acids (e.g., naphthenic acid) can cause severe corrosion above ~450°F 
(although attack has been seen as low as 340°F in turbulent areas) if the 
neutralization number exceeds 2.0 mg of potassium hydroxide per gram (mg 
KOH/g). The naphthenic acid content is generally determined by titration with 
KOH, as described in ASTM4 D974 or D664 for neutralization value. This value 
(called the neutralization number) is expressed in mg of KOH required to 
neutralize the acid constituents present in 1g of sample. Crudes with 
neutralization numbers in excess of 0.5 mg KOH/g can cause serious corrosion 
problems in the vacuum tower flash zone. When inorganic chlorides (e.g., 
ammonium chloride) and organic chlorides collect (usually in the tops of 
columns and equipment connected to the tops of columns), mild to severe 
corrosion can occur. When organic nitrogen compounds in the feed exceed 0.05 
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wt.% (500 ppm), cyanides and ammonia can form, depending on the 
temperature. These compounds collect in the aqueous phases and cause 
corrosion of certain materials.  

1.9.2.3 Corrosion and Materials Selection (General) 

Alloy selection in crude units is made to control and mitigate the expected 
damage mechanisms found in most crude units, including sour water corrosion, 
acidic sour water corrosion, HClcorrosion, ammonium chloride corrosion (sour 
water corrosion), wet H

2
S damage as SSC, HIC, SOHIC and high-temperature 

sulfidation. Other crude unit HCl damage mechanisms specific to individual 
equipment include creep/stress-rupture/oxidation of furnace tubes in fired 
heaters, ammonia SCC in brass exchanger tubes, etc.  

The crude unit damage mechanisms and the materials selected to resist those 
damage mechanisms can be divided into broad physical areas of: (1) wet H

2
S 

cracking; (2) acidic/alkaline corrosion (including HCl corrosion, sour water 
corrosion, acidic sour water corrosion) and (3) high temperature sulfidation 
corrosion (Figure A4.13-REL-5).  

In the feed preheat section of the unit, carbon steel is generally used up to 
approximately 500°F. At temperatures greater than about 500°F, hot H

2
S 

corrosion (high-temperature sulfidation) becomes active and chromium-
molybdenum alloys of increasing chromium are needed to resist the sulfidation 
corrosion. In increasing order of resistance to high-temperature sulfidation, 
based on temperature and the amount of sulfur, are carbon steel, 1-3Cr, 4-6Cr, 
7-9Cr, 12Cr and 18-8 stainless steel. The 1-9 Cr alloys are usually used for 
piping. 12Cr is typically used as a cladding in the atmospheric and vacuum 
towers.  

In the overhead system of an atmospheric tower, where acidic and alkaline 
corrosion is active, carbon steel is the typical material of construction, except for 
thin-walled components such as exchanger tubes, injection point inserts, etc. 
Carbon steel would not be resistant to the overhead environment if 
operational/process means to protect it from corrosion were not also used, 
including water-washing to dilute acids and the use of corrosion inhibitors to 
minimize corrosion rates. Wet H

2
S cracking is normally not an issue in crude unit 

overhead systems due to the low hardness of carbon steel equipment and piping 
and carbon steel usually provides satisfactory service if properly fabricated. 

1.9.2.4 Crude Feed 

The crude feed system from tankage to the desalter of the crude unit is typically 
carbon steel construction. The initial corrosion control device used in a crude 
unit is a desalter. The crude is first desalted to minimize acidic corrosion from  
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hydrolyzed salts in condensed steam vapors that go overhead in the atmospheric 
fractionator column.  

As the crude is heated above 500°F in the pre-heat exchangers and in the fired 
heater, corrosion can occur from sulfidation as a result of the breakdown of 
sulfur compounds, as described in earlier in Section 1.7.1. These higher 
temperatures may require the use of chrome-moly materials, based on predicted 
corrosion rates using the McConomy curves. Sulfidation can occur in the 
atmospheric column and vacuum column; it is typically most severe at the 
column “flash zone” (inlet from the fired heater) as a result of turbulence from 
high velocities and flashing. The increased potential for corrosion in these zones 
is mitigated by the use of resistant alloys such as 12 Cr or 300 SS as cladding 
material. Condensing water containing H

2
S and salts can cause corrosion in the 

overhead system of the atmospheric and vacuum column; however carbon steels 
can be typically used with supplemental corrosion control methods such as 
aforementioned water wash and corrosion inhibitors. 

Removal of salts from the crude is important to avoid corrosion and plugging of 
the overhead system. Any plugging is normally caused by ammonium chloride 
salts. Sodium chloride, which is quite soluble in hot water, is easily removed. 
Magnesium chloride, not as easily removed as sodium chloride, hydrolyzes to 
hydrochloric acid. Desalting to 1 ptb can keep tower overhead condensates 
under 50 ppm of hydrochloric acid; however, 50 ppm hydrochloric acid can still 
be quite corrosive to carbon steel. Therefore, additional corrosion control 
measures are used to mitigate the impacts of acidic chlorides, such as water 
washes and corrosion inhibitors. Another technique to reduce hydrolysable 
chlorides is to use caustic (sodium hydroxide) injection after the desalter. The 
sodium hydroxide converts corrosive magnesium chlorides to the more harmless 
sodium chloride. The injection amount is guided by the amount of salt in the 
overhead condensate.  

1.9.2.5 Overhead Systems 

The top of the tower is subjected to water condensation that contains hydrogen 
chloride, ammonia (if injected for corrosion control), and H

2
S. Corrosion rates 

can be severe if the chloride content is high. For this reason, Monel 400 is often 
used as a tower lining and as a tray material. Monel 400 is resistant to these 
waters below 250°F; however, corrosion can occur if the ammonia exceeds 3 
wt.%, or if the pH becomes too high. 

Corrosion protection in the atmospheric tower overhead system is achieved by 
neutralizing the water condensate to a pH value of 6 to 6.5 and by using an 
inhibitor. Neutralizers include ammonia and neutralizing amines. There are pros 
and cons associated with each neutralizer. Control of pH with ammonia is 
difficult because of the strong impact that hydrogen chloride or ammonia has on 
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condensate pH if too little or too much ammonia is used. Neutralizing amines 
buffer the water so that pH control is easier over a wide range of amine 
concentrations. Neutralizing amines are soluble in both water and hydrocarbon. 
If the amine chloride concentration in hydrocarbon is high, the amine chloride 
can return to the fractionator and cause chloride corrosion. 

The neutralizers are typically injected in the fractionator overhead line in order to 
be present when the dew point of hydrochloric acid is reached. It is important to 
use a corrosion resistant quill to inject neutralizers or inhibitors because drip 
injection can cause dissolution of the protective scale on the inside of the pipe, 
which can result in corrosion and erosion in that area. For this reason, the pipe 
spool including the injection quill will often be manufactured from a corrosion 
resistant alloy (CRA) for a distance upstream and downstream of the water wash 
quill in case corrosive salts form at the injection point. Often however, 
neutralization is not accomplished, and severe corrosion from hydrochloric acid 
still occurs at the dew point. Hastelloy C-276 is a widely used alloy for 
aggressive, acidic chloride environments. Chevron Richmond has a C-276 weld 
overlay spool piece installed in the overhead piping to mitigate this localized 
corrosion at the water injection point.  

Materials used in the overhead condensers vary with the source of the cooling 
water, the amount of chlorides, and the success of inhibitors, pH control, wash 
water, etc. For refineries with brackish or salt water cooling, the use of titanium 
tubes is economical since carbon steel cannot be used. Titanium is cost 
competitive with stainless steels (SS's), Monel 400, brasses, and copper-nickel 
alloys. If ammonium chloride forms and plugs the hot areas, pitting of copper 
base alloys can occur. Brasses such as admiralty brass have been used 
successfully where waterside velocities are controlled to less than 8 ft./s, and the 
ammonia content is not high enough to corrode or crack the brass (pH below 
7.2). Copper-nickel alloys are much more resistant to ammonia but will corrode if 
the H

2
S content is high. Duplex stainless steel alloys, as well as ferritic stainless 

steels, have experienced under-deposit corrosion in overhead systems. 
Austenitic alloy 904SS has also performed well. Carbon steel is used only where 
there is very careful cooling water control. 

H
2
S damage as SSC, HIC and SOHIC are also potential damage mechanisms in 

atmospheric tower overhead systems. However, in the absence of cyanides, 
which are normally not present in crude units, damage from H

2
S cracking is rare, 

based on the use of low strength (low hardness) carbon steels and the lack of 
HIC/SOHIC cracking in carbon steel piping materials. However, H

2
S damage, 

while rare, can still occur and should be included in a refinery inspection 
program.  
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1.9.2.6 Crude Heater and Distillation Columns 

After the crude passes through the desalter, it goes into the crude heater where 
the sulfur compounds are partially decomposed thermally. When the sulfur 
exceeds ~0.2 wt.%, corrosion of carbon steel can become excessive. The higher 
the chromium content in the alloy, the more resistant the alloy is to sulfidation. 
In general, furnace tubes and piping are manufactured from 5Cr-½Mo steel for 
sulfur-bearing crudes when the temperature exceeds ~550°F and 9Cr-1Mo when 
the temperature exceeds ~750°F.  

The temperature at which excessive corrosion of carbon steel occurs is a 
function of the characteristics of the sulfur compounds in the crude. This 
temperature can be estimated by measuring the amount of H

2
S evolved as a 

function of temperature. The amount of H
2
S evolved vs. temperature varies 

widely, and there is no relationship to the wt.% sulfur. Since H
2
S release data are 

rarely available, materials selection is usually based on wt.% sulfur, although the 
correlation with corrosion rates is only very general. Recent studies indicate that 
direct reaction of the organic sulfur compound with the metal surface is the 
predominant mechanism of high-temperature sulfidation. The McConomy curve 
is the most widely used tool used to predict corrosion rates and material 
selection to resist high-temperature sulfidation in the absence of hydrogen. 

The 5Cr-½Mo alloy, commonly used in furnace tubes, corrodes at a measurable 
rate with a design life of typically at least 10 years or longer. Even though metal 
temperatures are higher than the process temperature in furnace tubes, 
corrosion rates are always reported as a function of the process temperature. 
Therefore, furnace tubes tend to corrode at higher rates than piping for the same 
process temperature.  

Columns are usually clad with 12Cr above ~550°F (290°C). Some refiners use 
cladding above 450°F to minimize maintenance and to minimize fouling from 
corrosion products. The 12Cr cladding is essentially immune to high-
temperature sulfidation attack and is used due to the long design life of 
atmospheric columns of 20 years. Pressure-retaining parts of 12Cr are usually 
limited to 650°F to avoid problems resulting from 885°F embrittlement. The 
majority of attack occurs in the flash zone where the feed enters the column and 
partially flashes to vapor and this is where 12 cladding is typically installed. 

When naphthenic acids are present in sufficient quantities, carbon steel and low 
Cr alloys up to 12% chromium can be severely attacked. The austenitic stainless 
steels such as Type 316/317 are normally resistant in the same service. The 
corrosion rate of naphthenic acid-containing oils shows an increase in corrosion 
rates as a function of temperature. The most severe corrosion occurs at ~550°F 
because the naphthenic acids concentrate in these streams at that temperature. 
Corrosion of type 316 SS has occurred in vacuum unit transfer lines containing a 
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high naphthenic acid content with 15 to 40% vaporization. To minimize attack, 
both vaporization and velocity should be kept at a minimum. Type 316L (UNS 
S31603) SS, preferably with a minimum of 2.5% molybdenum, is usually used 
above 450°F for naphthenic acid service. Where neutralization numbers, 
vaporization, and velocities are high, high-molybdenum alloys such as type 317L 
(UNS S31703) SS may be required. Chevron Richmond does not process 
naphthenic acid crudes or crude blends.  

In general, sidecut stripper columns corrode much less than the main 
fractionators for the same temperature. The corrosive sulfur compounds tend to 
move to the bottom of the main fractionator with the liquid, and the H

2
S moves 

to the overhead of the main fractionator. Sidecut strippers are usually not clad 
until the process temperature exceeds 650°F. Sometimes, the heavy gas-oil 
sidecut contains naphthenic acid, which can cause enough corrosion that iron 
enters the fluid catalytic cracker unit feed. 

Vacuum columns should be treated separately from atmospheric columns. The 
inlet line from the charge vacuum tower furnace and the inlet area of the tower 
usually corrode at the highest rate. The overhead vacuum system will corrode if 
chlorides are present. This corrosion is reduced if corrosion in the atmospheric 
tower overhead is reduced by desalting, caustic injection, or both. 

Naphthenic acid corrosion can be quite severe in vacuum towers when high TAN 
crudes are processed. Crudes with total acid numbers (TAN) over 2.0 mg KOH/g 
have corroded type 316 SS in the inlet areas. At times, type 317 (UNS S31700) 
SS, 904L (UNS N08904), or other corrosion resistant alloys are needed.  

Heat exchangers are treated in a manner similar to columns (i.e., 12Cr clad 
shells and channels and 5Cr-½Mo tubes are usually used above 550°F. When 
selecting materials for exchangers, one must take into account crevices, changes 
in direction, and actual tube metal temperatures (since the tubes are exposed to 
fluids of different temperatures). 

1.9.2.7 Crude Selection, Purchasing and Blending  

The first step (described above) in the damage mechanism review assessment 
was to understand Chevron’s crude selection/purchasing process and how the 
post-Modernization Project crude characteristics would potentially change with 
respect to crude unit damage mechanisms.  

The Facility purchases crude and gas oils in the global market place and 
transports these feed-stocks to the Facility for processing into transportation 
fuels and lubricant base oils. Generally, different crude oils are blended and then 
fed into the crude unit, where they are divided into fractions for processing into 
various product streams. Imported gas oils, as well as gas oils produced by the 
crude unit, are directly fed to various Facility units for conversion into end 
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products. Additionally, the Facility typically imports small amounts of material 
known as blend stocks. These materials are not considered Facility feed stocks 
since they are not processed by the Facility; instead they are blended with other 
materials into finished products that leave the Facility.  

The Modernization Project increases the Facility's ability to accept crude oil 
blends with higher sulfur content that it cannot currently process; however, the 
Modernization Project also provides the Facility with increased flexibility to 
process higher-sulfur crude oil blends which may fall at either the higher or 
lower end of the intermediate-light gravity range. The Modernization Project will 
enable the Facility to increase the sulfur removal limit from 600 to 900 long tons 
per day (lt/d). The 900 lt/d limits equates to an approximate 3 wt.% sulfur 
content in crude oil blends (Chevron, 2013b; Chevron, 2013a; Chevron [n.d.9])  

It was necessary to understand the Modernization Project expected crude blends 
prior to conducting the reliability and damage mechanism review, plus the 
projected sulfur content and other potential feed constituents that can have an 
impact on damage mechanisms. The Chevron Oils Planning Department was 
interviewed, and Chevron's crude acceptance procedures were reviewed (Chevron 
[n.d.4]) to understand what typical crudes were planned and how blend decisions 
were to be made, based on post-Modernization Project conditions.  

The result of this review showed that Chevron has a sophisticated quality 
assurance process for accepting new crude sources that include the effects of 
evaluating different blend ratios in arriving at an acceptable crude blend. The 
process is software driven and includes provisions that allow different refinery 
personnel with specific, relevant responsibilities to “fail” recommended crude 
blends, which then require further review. Chevron’s metallurgical engineer is 
one such person who can “fail” a recommended crude or crude blend 
recommendation, based on metallurgical/corrosion concerns. Also, Chevron’s 
Management of Change (MOC) procedure includes changes in crude chemistry as 
an initiator of a MOC review.  

As previously stated, a P50 (benchmark) and a P90 crude oil blend, with higher-
sulfur levels, were defined by Chevron for the post-Modernization Project 
conditions (Chevron [n.d.6]). This defined crude oil blend was used to determine 
the impacts of potential damage mechanisms in the crude unit. The two crude 
blend cases considered in this Reliability Analysis and damage mechanism 
analysis were a 2.38 wt. % sulfur P-50 case and a P-90 case, as described in 
earlier sections of this Appendix.  

There are considerations regarding the potential impacts of various constituents 
in the crude blends in their influence on damage mechanism issues, for example, 
constituents in crude oils widely known to initiate or influence damage 
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mechanisms include chlorides, sulfur, mercaptans and nitrogen. Their influence 
on damage mechanisms is described elsewhere.  

The influences of other crude constituents on damage mechanisms, including 
metals, are not as well established as those above. Therefore, an analysis was 
conducted to determine if there was any correlation between crude sulfur wt. % 
and other potentially corrosive constituents such as nitrogen, chlorides, acids, 
reactive sulfur, metals, etc. (Appendix 4.3-MET). The analysis also investigated if 
there was a correlation between the same corrosive constituents and API gravity. 
The analysis was done by conducting a literature search to evaluate whether 
nitrogen, metals, “reactive sulfur species” (mercaptans), acid, and chlorides 
content would likely increase with increased crude oil sulfur content or with 
decreasing gravity. Public crude oil data was obtained from various agencies and 
institutions and statistically evaluated to investigate the potential relationship 
between the crude oil sulfur and API gravity vs. concentrations of nitrogen, 
metals, reactive sulfur species (mercaptans), acid, and chlorides.  

The analysis for acids is discussed further below, for metals in Section 1.9.2.7.2, 
and for the other constituents evaluated, the conclusions are as follows: 

 A weak statistical relationship was found between nitrogen content and 
sulfur content of crude oils. Thus, slight increases in nitrogen content of 
crude oils could be reasonably foreseeable with increasing sulfur content 
crude oils expected with the Modernization Project, given the weak 
correlation. 

 A moderate to strong statistical relationship was found between API gravity in 
the intermediate range and nitrogen content of heavier crude oils (between 
28 and 40 API). As the baseline average API was 33.7, the potential for 
processing lower API crude oils with the Modernization Project could result in 
reasonably likely increases in nitrogen content. 

 No statistical relationship was found between mercaptan sulfur content and 
sulfur content. Thus, increases in mercaptan sulfur content of crude oils are 
not reasonably likely to occur with higher sulfur content crude oils expected 
with the Modernization Project, given the lack of a strong correlation. 

 No statistical relationship was found between mercaptan sulfur content and 
gravity. Thus, increases in mercaptan sulfur content of crude oils are not 
reasonably likely to occur with lower API crude oils expected with the 
Modernization Project, given the lack of a strong correlation.  

 No statistical relationship was found between salt content and sulfur content. 
Thus, increases in salt content of crude oils are not reasonably likely to occur 
with higher sulfur content crude oils expected with the Modernization 
Project, given the lack of a strong correlation. 
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 No statistical relationship was found between salt content and gravity. Thus, 
increases in salt content of crude oils are not reasonably likely to occur with 
lower API gravity crude oils expected with the Modernization Project given 
the lack of a strong correlation.  

1.9.2.7.1 Crude Acceptance Process 

The Facility's Crude Acceptance Process helps reduce the potential for equipment 
damage. Before a crude is accepted for processing in the Facility, it is reviewed 
by a number of specialists with the aid of the protocol called for by the Crude 
Acceptance Process, the crude assay database, and by screening criteria 
(parameters) that is part of the process. At the Facility, a crude is screened with 
the expectation that it would not be the sole source of feed to the crude unit. 
Crude blends are assessed in the context that any particular crude is blended in 
with an ongoing, familiar crude blend. 

The Facility states that typically each year, five to six new crude blends will be 
evaluated for the Facility; in some years, perhaps as many as ten blends will be 
evaluated. Specialists involved in assessing the crudes include planning experts, 
processing specialists, and metallurgy/reliability specialists. While some of the 
crude screening parameters are chosen based upon processing and economic 
considerations, some parameters are relevant to the damage mechanisms 
discussed in this report. 

The most relevant parameter for the Modernization Project is the sulfur content. 
Currently, the HP units all have feed sulfur limits based on hydroprocessing Best 
Practice HP-002 (Chevron [n.d.3]), which controls the H

2
S partial pressure in 

these units. This, in turn, may restrict the crude purchases or alter the crude 
blend. In the future, additional post-Modernization Project crude sulfur level 
screening will be done as per the Modernization Project Reliability Program. The 
Chevron Reliability Program specifies a trigger for a reliability review when the 
crude oil processed at the refinery reaches 2.25 wt. % sulfur on an annual 
average and again when it reaches 2.75 wt. %.  

As described in Appendix 4.3-MET, no statistical relationship was found between 
acidity and sulfur content. Thus, increases in acidity of crude oils are not 
reasonably likely to occur with higher sulfur content crude oils expected with the 
Modernization Project, given the lack of a strong correlation. In contrast, a weak 
statistical relationship was found between API gravity in the intermediate-light 
gravity range (28 and 40 API) and acidity. Thus, it is reasonably foreseeable that 
slight increases in acidity of crude oils could occur with lower API crude oils 
expected with the Modernization Project given the weak correlation. 

However, Chevron's crude screening criteria include TAN limits (whole crude = 
0.3 and sidecut 1.5) which in effect allow very little, if any, acidic crudes to be 
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processed; therefore damage mechanisms related to acidity would not be 
expected to increase with the Modernization Project given this existing limit. 

Other parameters that are reviewed but are not necessarily considered 
constraints include nitrogen and certain metals. 

1.9.2.7.2 Metals Analysis 

The crude correlation analysis conducted (Appendix 4.3-MET) concluded that it is 
possible that the metal content of crude oils processed by the Facility could 
increase slightly for some metals if the Modernization Project is implemented. 

Heavy metals are known to be constituents of crude oils and their influence on 
damage mechanisms was raised as a potential post-Modernization Project crude 
selection issue. Metals that are known to influence corrosion and materials 
degradation in refining and chemical industry settings include vanadium, 
cadmium, mercury, nickel, copper and zinc. Therefore, a correlation analysis was 
conducted to investigate whether or not a correlation existed between metals in 
crude and crude wt. % sulfur or API gravity. This analysis is presented in 
Appendix 4.3-MET. Public crude oil data obtained from various agencies and 
institutions was evaluated to investigate the potential relationship between the 
crude oil sulfur concentration and gravity to the concentration of barium, iron, 
magnesium, nickel, titanium, vanadium, and zinc. Little data on mercury, lead, 
copper, cadmium, and arsenic was available to construct meaningful analysis and 
therefore, the statistical relationship between these metals and sulfur or gravity 
was not evaluated. Appendix 4.3-MET concludes with the following related to 
metals: 

 No statistical relationship was found for the dependence of barium, calcium, 
magnesium, titanium, and zinc on sulfur (i.e., concentrations of metals did 
not vary with sulfur concentrations).  

 A weak statistical relationship was found for the dependence of iron, nickel 
and vanadium on sulfur concentration. Thus, it is reasonably foreseeable that 
slight increases in iron, nickel and vanadium content of crude oils could 
occur with higher sulfur content crude oils expected with the Modernization 
Project, given the weak correlation. 

 No statistical relationship was found for the dependence of barium, titanium, 
and zinc on gravity (API). 

 A weak statistical relationship was found for the dependence of calcium, iron, 
magnesium, nickel, and vanadium on gravity (API). Thus, it is reasonably 
foreseeable that slight increases in calcium, iron, magnesium, nickel and 
vanadium could occur with lower API crude oils expected with the 
Modernization Project given the weak correlation. 
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Of the above listed metals that are known to influence corrosion and materials 
degradation in refining and chemical industry settings (vanadium, cadmium, 
mercury, nickel, copper and zinc), only the potential increases in nickel and 
vanadium were initially believed to potentially impact equipment degradation in 
either the existing setting or post-Modernization Project. Vanadium can result in 
rapid corrosion of metals and alloys in furnaces and heater through the 
condensation of vanadium pentaoxide salts, commonly referred to as low 
melting point salt corrosion. This damage mechanism typically occurs when 
using heavy, waste hydrocarbon products as fuels that contain vanadium, i.e., 
“bunker fuels.” Chevron has stated that they do not use these hydrocarbon 
sources as fuels; therefore, material degradation due to metal wastage from 
vanadium pentaoxide should not be a problem, either existing setting or post-
Modernization Project. 

Nickel is known to act as a catalyst in promoting coke formation in heater tubes 
in certain hydrocarbon cracking processes. However, nickel that catalyzes coke 
formation occurs as an alloying element of the cracking tubes themselves, as 
opposed to nickel in a hydrocarbon; therefore, material degradation in Chevron 
heaters due to coke formation from nickel is not expected either. 

Therefore, based on the above technical analysis and the results of the metals vs. 
crude correlation (described above), it is not likely that the metal content of 
crude oils processed by the Facility would increase metal related damage 
mechanisms if the Project is implemented. 

1.9.2.8 Impacted Damage Mechanism Discussion 

1.9.2.8.1 Wet H
2
S Damage 

Chevron has stated that post-Modernization Project conditions likely will involve 
somewhat higher levels of H

2
S in the overhead system of the atmospheric column 

(Chevron, 2014a). How much increased post-Modernization Project H
2
S will be in 

the overhead was not quantified; however, Chevron based their wet H
2
S impact 

analysis on an assumed H
2
S change in overhead greater than a 10% threshold. 

Based on Chevron’s “Risk Management of Wet H
2
S Cracking in Process Plants,” 

(Chevron, 2005b), a 10% threshold increase in H
2
S loading defines the criteria for 

a “significant” process change that would warrant an internal inspection. This is a 
conservative assumption requiring Chevron to conduct wet H

2
S inspections 

following the introduction of post-Modernization Project crudes.  

The impact of increasing H
2
S, in the atmospheric tower overhead can be 

anticipated but its actual impact will need to be verified after post-Modernization 
Project operation. The impact of increased H

2
S will be to directionally increase 

the amount of dissolved H
2
S in the overhead system, particularly in the 

accumulator water drum. Increased H
2
S can result in sour (NACE MR0175) 

conditions of an initially non-sour system. However, the crude atmospheric tower 
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overhead system is currently sour, as defined by NACE as <0.05 psia H
2
S partial 

pressure in the vapor phase or greater than 50 ppmw H
2
S in a water phase. 

H
2
S is not corrosive at atmospheric tower overhead temperatures until it is 

contacted by liquid water. Therefore, an increase in H
2
S in the overhead vapor 

will not impact equipment or piping until it reaches the overhead water injection 
point where it will tend to dissolve in the water phase. Any increase in the acidity 
(due to dissolved H

2
S) of condensed water in the overhead system could 

potentially be negated by the present use of neutralizing chemicals (ammonia) to 
control overhead corrosion. Chevron’s Atmospheric Overhead Corrosion Control 
Best Practice document (Chevron, 2005a) stipulates maintaining the overhead 
accumulator water in the 7.0-7.5 pH range using ammonia injection, with pH 
being controlled by use of an on-line pH analyzer, a board mounted controller 
for ammonia injection and a closed loop pH control system. Therefore, if 
properly maintained and controlled, any increase in H

2
S in the overhead system 

should not increase the severity of wet H
2
S damage as cracking (or sour water 

corrosion) in the overhead injection system should maintain the pH of the 
accumulator water at current control limits, unless other cracking species 
increase, such as cyanides, which are not anticipated 

There are several other reasons why an increase in the H
2
S content of the 

atmospheric overhead system should not impact H
2
S-related, aqueous damage 

mechanisms including: 

 In crude units, the conditions that cause large amounts of hydrogen charging 
into the metal are rarely present. 

 Wet H
2
S damage almost never occurs in piping because of how piping is 

made, and because it and its welds, are normally relatively soft (less than 
Rockwell C 22.) 

Chevron’s wet H
2
S program records have documented cracking attributed to wet 

H
2
S damage; however, this cracking has not resulted in any loss of containment 

failures (Wet H
2
S Cracking in Chevron Crude Units). The reason for the low risk of 

pressure containment failure is based on: (1) the generally small crack sizes in 
crude service and (2) the generally good toughness of pressure vessel and piping 
materials designed to ASME Section VIII and B31.3.  

The Facility reportedly has never experienced wet H
2
S cracking in the 

atmospheric overhead system. However, the crude tower overhead fixed 
equipment and piping is not post weld heat treated; therefore, based on API-581 
guidelines, the overhead equipment theoretically is still at finite risk of 
experiencing wet H

2
S cracking and therefore; appropriately, should be included 

in their wet H
2
S inspection plan. According to Chevron’s Risk Management of Wet 

H
2
S Cracking in Process Plants document, it is quite possible for fixed equipment 
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to contain wet H
2
S cracks that do not penetrate through the wall. The overhead 

fixed equipment has been placed in a Category 3 in their Risk Management 
document (which does not require an internal or external inspection) except for 
the V-1190 Stabilizer Column Reflux Drum, which has been designated by 
Chevron as Category 2 conservatively. However, due to the inherent uncertainty 
in the potential for cracking under post-Modernization Project conditions, 
Chevron has recommended that an external automatic ultrasonic testing 
inspection of representative sections of the “wet water” portions of V-1100, V-
1160 and V-1190 vessels be conducted as a baseline before the start of post-
Modernization conditions, then checked externally again approximately one year 
after the start of Modernization Project conditions. In addition, they are 
recommending a one-time internal inspection of the these same vessels during 
the scheduled maintenance turnaround after the start of Modernization Project 
operations, using eddy current or other approved internal inspection techniques 
per the Chevron Wet H

2
S program. The Reviewer agrees that this decision to 

conduct the above inspection is appropriate and should significantly decrease 
the risk of wet H

2
S damage in the overhead equipment.  

1.9.2.8.2 Ammonium Bisulfide 

Ammonium bisulfide (NH
4
HS) forms in an aqueous solution due to the presence 

of dissolved H
2
S and ammonia from a vapor. The maximum amount of 

ammonium bisulfide that can form is based on stoichiometric conditions. As 
nitrogen in the crude feed does not convert to ammonia in the charge furnace 
before going overhead in the atmospheric tower, the only ammonia in the crude 
unit is ammonia that is injected into the atmospheric tower overhead ahead of 
the wash water to control corrosion from entrained chlorides and H

2
S.  

Streams and units handling alkaline sour water (aqueous ammonium bisulfide) 
are susceptible to aggressive localized corrosion. Below about 250°F, ammonium 
bisulfide (NH

4
HS) can precipitate out of the vapor phase and can cause fouling 

and plugging. NH
4
HS salt deposits can lead to underdeposit corrosion and 

fouling. If the salts become hydrated, they can be corrosive. Carbon steel is 
especially vulnerable to this type of corrosion. 300 Series stainless steels (SS), 
duplex SS, aluminum alloys, and nickel based alloys have more resistance to the 
corrosion, depending on the concentration of ammonium bisulfide (NH

4
HS) and 

velocity. NH
4
HS is formed from the conversion of nitrogen into ammonia which 

then reacts with H
2
S to form ammonium bisulfide. The critical factors that 

influence this corrosion include NH
4
HS concentration, H

2
S partial pressure, 

velocity and/or localized turbulence, pH, temperature, alloy composition and 
flow distribution. Corrosion increases with increasing velocity and NH

4
HS 

concentration. A conventional rule of thumb that is widely cited, including in API-
571 and API-581, is that ammonium bisulfide concentrations below about 2 wt. % 
can be safely handled in carbon steel piping and equipment at velocities below 
about 20 ft./sec. Ammonium bisulfide corrosion in the Chevron Richmond crude 
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unit overhead system is not considered to be a concern under normal operation 
due to the low amounts of ammonium bisulfide (~0.3 wt. %) calculated to be in 
the overhead. 

Chevron has conservatively estimated the increased post-Modernization Project 
amount of H

2
S in the overhead as greater than a 10% threshold. To conduct post-

Modernization Project ammonium bisulfide calculations, they conservatively 
assumed that the amount of H

2
S in the overhead doubled from current 

conditions. They then used the doubled H
2
S quantity to stoichiometrically 

calculate the amount of ammonia that would combine with the H
2
S and then 

converted that quantity into a wt. % of ammonium bisulfide that would be 
present in the wash water, assuming that all of the bisulfide would dissolve in 
the water. Their calculated wt. % of ammonium bisulfide was 0.3 wt. %. This wt. % 
of ammonium bisulfide is significantly below the amount that industry 
experience and authoritative published literature states is an amount corrosive 
to carbon steel (~2 wt. %, based on API-932-B). Therefore, based on a review of 
Chevron’s calculations, the post-Modernization Project increase in H

2
S should not 

impact corrosion rates in the atmospheric tower overhead vs. present conditions. 
Also, based on their corrosion control/monitoring scheme for the accumulator 
drum water boot, any increased corrosivity in the overhead water should be able 
to be detected and mitigation measures taken, if necessary.  

1.9.2.8.3 Sour Water Corrosion (Acidic) 

As discussed previously, “acidic sour water” is water containing H
2
S and with pH 

below neutral pH (7). As historically, the predominant corrosive species in the 
crude tower overhead system is alkaline sour water due to the injection of 
ammonia to neutralize acidic species. Acidic sour water corrosion should not 
increase post-Modernization Project.  

1.9.2.8.4 Ammonium Chlorides  

Chlorides were determined not to correlate with higher sulfur or lower API 
gravity crudes. However, because increased ammonia might be required to 
control corrosion post-Modernization Project, ammonium chloride corrosion was 
considered as a post-Modernization Project damage mechanism. 

Higher sulfur in the crude unit overhead systems has the potential to impact the 
corrosivity of the atmospheric column C-1100 overhead system through sour 
H

2
O corrosion and conceivably through ammonium chloride corrosion. Chlorides 

can cause corrosion in the crude unit overhead by forming hydrochloric acid 
("HCl"), or ammonia/amine chloride salts. HCI is formed in the crude unit by the 
hydrolysis of salts in the crude that do not get removed in the desalter or 
converted to harmless sodium chloride by contacting with sodium hydroxide via 
the caustic injection ahead of the flash drum. The HCI has a high vapor pressure 
and travels up the atmospheric column into the overhead system as a vapor.  
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HCl in the vapor phase is not corrosive. It becomes corrosive when water vapor 
condenses and the HCI dissolves in the water to form hydrochloric acid (HCI). 
This reaction occurs in the atmospheric and vacuum overhead systems and can 
also occur in the top of the atmospheric column if the top tray temperature is 
low enough to permit water condensation.  

Chevron uses ammonia in the crude tower overhead to neutralize the HCl along 
with a water wash to dilute any acidic material to non-corrosive levels. The 
ammonia can combine with the HCI vapor to form ammonia chloride deposits 
that can potentially deposit out before the water wash injection point. Chevron 
controls the potential for chloride salt deposits by ensuring that the process 
temperatures in the crude unit are well above the salt dewpoint. The Crude Unit 
Atmospheric Overhead Corrosion Control Best Practice document (Chevron, 
2005a) calls for a minimum 25°F margin between the process temperature and 
the temperature at which the salts form. See Figure A4.13-REL-6 below. 
Therefore, as long as Chevron’s dewpoint calculations are accurate and 
monitored and they can control the tower top temperatures above the dewpoint, 
corrosion, fouling and plugging from salt deposits should not occur. Any 
ammonium chloride salts in the vapor stream will be absorbed into the wash 
water at the wash water injection point, diluting the hydrochloric acid to non-
corrosive, manageable levels. At this point, their pH control system used to 
maintain a narrow non-corrosive range of pH in the accumulator drum boot 
water is designed to minimize any corrosive impacts of HCI dissolved in the 
water.  

1.9.2.8.5 High-Temperature (HT) Sulfidation 

The below is presented as a logical methodology to review the potential impact 
of post-Modernization Project is higher sulfur crudes on the crude unit piping 
and fixed equipment, based on high-temperature sulfidation damage: 

1. Identify and document all sulfur-containing piping circuits >450oF using most 
recent piping and instrumentation diagrams (P&IDs). 

2. Conduct stream simulation analysis to predict the post-Modernization Project 
sulfur contents of sulfur-containing piping circuits >500oF, based on P90 
feed. 

3. Estimate pre- and post-Modernization Project corrosion rates using 
simulation results and recognized HT sulfidation rate corrosion prediction 
tools such as the McConomy curves, using existing process temperatures 
and P90 sulfur conditions. Take the difference in pre- and post-
Modernization Project corrosion rates to predict any increase in post-
Modernization Project corrosion rates.  
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4. Check identified sulfur-containing piping circuits against the inspection 
database to verify that previous inspection dates are not overdue.  

5. Check post-Modernization Project corrosion rates against existing flags and 
establish new flags for new conditions, if required. 

6. Develop inspection/mitigation/replacement recommendations for all piping 
with post-Modernization Project predicted thicknesses less than flag 
thicknesses5 before the next scheduled shutdown.  

7. Inspect for and identify/locate low Si piping (through locating and inspecting 
all components to identify any individual components that were corroding at 
significantly higher rates than the rest of the adjacent piping). 

High temperature sulfidation (HTS) is the damage mechanism that caused the 
August 2012 crude unit fire resulting from failure of the atmospheric tower No. 
4 sidecut piping. That piping failed due to uniform thinning at the inner diameter 
(I.D.) from HTS corrosion and was a low silicon variety of carbon steel, which has 
been well documented (API-939-C, 2009) as having less resistance to HTS than 
the higher silicon versions of carbon steel. During the crude unit rebuild, 
Chevron replaced much of the No. 4 sidecut piping with 9 Cr-1 Mo piping, which 
should experience acceptably low and manageable corrosion rates (< 10 mpy at 
~3.3 sulfur and 670F max.) in the conservative P-90 case used for this analysis. 
Chevron Richmond currently has carbon steel, 5Cr-1Mo and 9Cr-1Mo equipment 
and piping in >500oF sulfidation service in the crude unit, but upgrades are 
planned to replace all but one carbon steel circuit operating at >500oF. The one 
remaining carbon steel circuit operates at 502oF and exhibits very low corrosion 
rates. 

Chevron reported that each piping circuit in the crude unit operating under high-
temperature sulfidation conditions (>500oF) and per API RP 939-C, Guidelines for 
Avoiding Sulfidation Corrosion Failures in Oil Refineries, was identified for 
further analysis. The analysis was done for current operating conditions and for 
post-modernization operating conditions using the 3.28 wt. % sulfur P90 crude 
blend case. The analysis results (Chevron, 2014b) detail pre- and post-
Modernization Project predicted sulfidation rates, using the McConomy curves, 
projected new Flag dates based on McConomy curves and actual corrosion rates 
based on ultrasonic wall thickness measurements. Using the post-Modernization 
Project sulfur conditions and the McConomy Curves, sulfidation corrosion rates 

                                               
5 Flag Thickness (Tflag): A wall thickness value used for triggering the need for 
quantitative minimum thickness (Tmin) and half-life assessment. "Flag Thickness" 
thickness is generally defined as follows:  
• Flag Thickness for low pressure pipe 4.5 inches OD and below is 0.100 inches*. 
• Flag Thickness for low pressure pipe over 4.5 inches OD is 0.140 inches*. (Upon 
technical review, it can be reset to 0.100 inches)  
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in carbon steel systems were calculated to increase by less than 5 mils (0.005”) 
per year. This spreadsheet was used to evaluate and recommend the 17 piping 
circuit upgrades to 9Cr material. The spreadsheet analysis results also showed 
that: (1) many newly calculated Flag dates for carbon steel piping circuits were 
coming due for additional analysis in the near future and, (2) actual measured 
corrosion rates in some circuits were high. 

Chevron has a best practice for managing sulfidation corrosion, Inspection 
Strategies for Preventing Sulfidation Corrosion Failures in Chevron Refineries, 
(Chevron, 2009). It is based on the guidelines in API-939-C, Guidelines for 
Avoiding Sulfidation (Sulfidic) Corrosion in Oil Refineries (API-939, 2009), 
supplemented by Chevron’s personal experience with this damage mechanism. 
Therefore, based on several considerations, including the past sulfidation failure 
incidents and their sulfidation best practice, which stipulates specification of 9CR 
piping at sulfidation temperatures greater than 525oF, Chevron is planning on 
replacing 17 piping circuits currently either carbon steel or 5Cr-1Mo with 9Cr-
1Mo at the next scheduled turnaround in 2017, plus four partial circuit 
replacements (Table A4.13-REL-5 and Table A4.13-REL-6). This Reviewer agrees 
that this decision is an appropriate one to mitigate risk uncertainty associated 
with future sulfidation failures. 

With the recommended 17 piping circuit upgrades, plus the piping circuits 
replaced with 9Cr after the fire, that left only one main process circuit of carbon 
steel (0955-002-013) still remaining as carbon steel, and that piping was new in 
2011. This carbon steel line operates at a low sulfidation temperature of 502oF 
and exhibits very low corrosion rates; therefore, its continued use is justified. 

As part of their HTS impact review Chevron also conducted inspections to 
identify all low silicon piping. This was done by either removing insulation to 
visually locate pipe butt welds between pipe joints or by using profile 
radiography to locate individual pipe sections. All carbon steel piping 
components in crude unit sulfidation service were inspected for remaining wall 
thickness using their established piping inspection program procedures.  

The F-1100 Atmospheric Furnace and the F-1160 Vacuum Furnace present 
special challenges for assessing risk, based on creep/stress-rupture and 
sulfidation. Creep/stress-rupture is covered in Section 1.9.2.8.6 of this 
Appendix. 

Using conservative estimates, the F-1100 and F-1160 furnace tubes could 
possibly be exposed to post-Modernization Project increased sulfur content feed 
for as long as two years between January 2016 (the theoretical commencement 
of Modernization Project operations for purposes of the EIR) and fourth quarter 
2017 - the next planned turnaround, when they are scheduled for a smart pig 
inspection. Therefore, an analysis was done to see if the two furnaces could be  
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TABLE A4.13-REL-5  COMPLETE PIPING CIRCUITS SCHEDULED FOR UPGRADE TO 9CR IN 

2017 

Equipment Number Equipment Description 
Existing 

Metallurgy 
New 

Material 
Replacement 

Date 

0955-002-008 V-1103 Desalted Crude CS 9 Chrome EOY 2017 

0955-002-014 V-1103 Desalted Crude CS 9 Chrome EOY 2017 

0955-002-015 V-1103 Desalted Crude CS 9 Chrome EOY 2017 

0955-002-016 V-1103 Desalted Crude CS 9 Chrome EOY 2017 

0955-002-017 V-1103 Desalted Crude CS 9 Chrome EOY 2017 

0955-002-018 V-1103 Desalted Crude CS 9 Chrome EOY 2017 

0955-002-030 
Desalted Crude From E-
1165A To F-1100A/B 

CS 9 Chrome EOY 2017 

0955-002-031 
Desalted Crude From E-
1165B To F-1100A/B 

CS 9 Chrome EOY 2017 

0955-002-032 
Desalted Crude From E-
1116's to E-1165C 

CS 9 Chrome EOY 2017 

0955-007-009 #4 Sidecut Circ Reflux CS 9 Chrome EOY 2017 

0955-007-017 #4 Sidecut Circ Reflux CS 9 Chrome EOY 2017 

0955-009-003 
C-1100 Bottoms to F-
1160 

5Cr 9 Chrome EOY 2017 

0955-012-001 C-1160 Outlet #7 Sidecut CS 9 Chrome EOY 2017 

0955-012-002 #7 Sidecut CS 9 Chrome EOY 2017 

0955-013-007 
C-1160 OUTLET: #8 
Sidecut to E-1188 

CS 9 Chrome EOY 2017 

0955-013-008 
C-1160 Outlet: #8 
Sidecut to C-1160 

CS 9 Chrome EOY 2017 

0955-013-009 
C-1160 Outlet: #8 
Sidecut to E-1114 

CS 9 Chrome EOY 2017 
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TABLE A4.13-REL-6 PARTIAL PIPING CIRCUITS SCHEDULED FOR UPGRADE TO 9CR IN 

2017 

Equipment 
Number 

Equipment 
Description 

Existing 
Metallurgy 

New Material Replacement 
Date 

0955-015-
002 

C-1160 OUTLET 
to E-1165 
A/B/C 

9Cr/5Cr/ (2) 10" 
spool piece and 
drain valves CS 

Replace 5Cr and CS 
with 9CR; existing 
9Cr remains in place. 

EOY 2017 

0955-015-
017 

K-1165A/B 
Pump Out 

9Cr/5Cr/CS 

Replace short 5Cr 
deadleg immediately 
off filters with 9 Cr. 
CS is either free-
draining, isolated, or 
cool wash oil service, 
so no need to replace 
because do not see 
regular service 

EOY 2017 

0955-019-
034 

P-1165/A Case 
Vents to C-
1160 

SS/CS 

CS is downstream of 
single SS block valve. 
Upgrade the 3/4" CS 
pump case vents with 
SS to double block 
and bleed design. 

EOY 2017 

0955-019-
017 

Pump Vents 9Cr/5Cr/CS 

Replace 5Cr with 9Cr 
and add a second 
block valve and 
bleeder. 
CS component is 
downstream of 5Cr 
single block valve; no 
project impact on CS 
portion downstream 
of the valve. 

EOY 2017 

 

operated for that two-year period under post-Modernization Project sulfur 
conditions safely, based on thinning from sulfidation. Safe operation was defined 
as remaining tube wall thickness equal to or greater than the Flag thickness of 
0.1”. For the purposes of the analysis, the P-50 sulfur case (2.38 wt.%) was 
selected as the most realistic operating scenario. Recent smart pig inspection 
data was used to determine the existing tube thickness measured at that time 
and use the P-50 sulfur case and the McConomy curves to calculate predicted P-
50 mils per year (mpy) corrosion rates. The analysis results were used to 
determine starting with the last smart pig inspection date, at what point in time 
would the tube sample thin to the 0.1” Flag thickness, based on using measured 
corrosion rates from the smart pig inspection date to 2016 and Modernization 
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Project high sulfur corrosion rates using the McConomy curves to predict those 
rates, based on the following formula: 

 [
 
t
y 
- (Zmpy X (2016- t

y
))] – (Xmpy x 2) => 0.1 [1] 

Where:  t
y = 

min. measured tube thickness in year Y 

 Zmpy = historical measured corrosion rate 
 Xmpy = McConomy C.R. based on P-50 sulfur case and max. TMT 
 0.1” = Chevron Piping Inspection Guide Flag thickness 
 2 = 2 year service time from Jan. 2016 to Dec. 2017 
 
The analysis was considered very conservative, in that the thinnest measured 
wall tube was used and McConomy curve corrosion rates were used, which are 
documented as being conservative. The available Chevron corrosion rate data 
also supported the fact that McConomy curve corrosion rates under actual 
conditions of wt. % sulfur and temperature were much higher than that actually 
measured. Inspection data provided by Chevron (Chevron [n.d.11]), was the 
source of the data used for the analysis.  

The results of the above analysis showed that: 

 Based on a minimum measured wall thickness of 0.193” in 2012 for the F-
1100 5Cr radiant tubes, maximum measured tube-metal temperatures (TMT) 
of 774°F, and existing setting maximum corrosion rates of 5 mpy, the 

selected F-1100 radiant tube is predicted to reach a 0.1” Flag thickness 
around October 2017. A full 2-year run is predicted at a sulfur content of 2 
wt.%. 

 Based on a minimum wall thickness of 0.207” for the carbon steel F-1100 
convection section tubes, maximum TMT = 595°F and existing setting 

corrosion rates of <5 mpy, the convection section tubes should not reach 
Flag thickness before the 2017 shutdown. 

 Based on a similar analysis for the F-1160 furnace, the risk of post-
Modernization Project sulfidation damage before the next planned shutdown 
in 2017 from increased sulfur feeds is considered to be negligible, based on 
the very low corrosion rates documented in past inspections of the F-1160 
furnace tubes (tube wall thicknesses at or above original nominal) and the 
fact that process and tube-metal temperatures are not expected to increase 
with post-Modernization Project conditions. Predicted post-Modernization 
Project corrosion rates under P-50 sulfur feed conditions, using the 
McConomy curves, while higher than average measured corrosion rates, are 
still acceptably low with predicted furnace tube Flag thickness above the 0.1” 
minimum allowable up to the 2017 shutdown where the furnace will be 
available for inspection.  
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 Based on the results from the F-1100 radiant tube sulfidation analysis, 
recommendations for further review after post-Modernization Project 
operating conditions are initiated are warranted.  

1.9.2.8.5.1 Special Case of “Dead Leg” Sulfidation  
A sub-category of high-temperature sulfidation that could also increase with 
increasing sulfur in the crude feed is sulfidation “dead leg” corrosion. Dead leg 
corrosion occurs when, due to occasional design features, portions of piping are 
stagnant with fluid still in them for substantial periods of time (typically years). 
In these dead legs, high-temperature sulfidation may cause gases to evolve and 
collect, especially at "high points" in the line.  

Non-flowing branch lines and dead legs can have higher sulfidation corrosion 
rates than the primary flowing line because of H

2
S evolved from sulfur 

compounds, which is then trapped at high points and increases the corrosivity of 
the system. Dead leg sulfidation corrosion is essentially the same basic 
mechanism as the high-temperature sulfidation discussed above, except that 
certain specifics of the environment tend to accelerate the sulfidation corrosion, 
including:  

 Elevated temperatures can result in small amounts of corrosive H
2
S being 

formed over time from the less-reactive species. 

 The H
2
S forms slowly and is slightly soluble in oil, so it is normally swept 

away by the flowing stream and does not build up. 

 Oil in dead legs and non-flowing lines can be heated by heat tracing, 
thermosiphon from the flowing stream, etc., creating H

2
S. 

 H
2
S can be trapped and build up in high points of dead legs and non-flowing 

lines, causing accelerated corrosion. 

This damage mechanism could affect all systems where sulfidation corrosion 
could occur from carbon steel up to 9Cr. Chevron has a special “dead leg” 
sulfidation inspection strategy to monitor and mitigate dead leg sulfidation, 
recognizing its particular attributes. 

Chevron has stated that they have walked down all sulfidation service piping in 
the units with sulfur streams greater than 500°F, not only in the crude unit, but 
throughout the refinery and have identified all of their dead legs. The risk of 
sulfidation corrosion at these locations will be mitigated by identifying and 
tracking each dead leg per API-570, Piping Inspection Code, In-service Inspection, 
Rating, Repair, and Alteration of Piping Systems (API-570, 2009). The dead legs 
will also be subject to increased frequency and extent of inspection over 
historical practices and which go beyond the industry API -574 Inspection 
Practices for Piping System Components (API-574, 2009). Their new dead leg 
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program is detailed in their Dead Leg Inspection Strategy (Chevron [n.d.5]). A 
review of their dead leg inspection strategy shows that they understand how to 
properly identify dead legs and have established inspection procedures adequate 
to monitor any accelerated corrosion rates in the dead legs.  

1.9.2.8.6 Creep/Stress-Rupture 

“Creep” is the damage mechanism where a metal subject to stress at high 
temperatures for long periods of time may slowly elongate and eventually fail. 
The only crude/vacuum equipment that could be potentially susceptible to creep 
damage are the F-1100 atmospheric charge furnace tubes and the F-1160 
vacuum tower charge furnace tubes. The creep mechanism by itself does not 
involve corrosion.  

Chevron has conducted calculations suggesting that, due to the low stresses in 
the F-1100 and F-1160 furnace tubes, creep is not a practical threat for the 
furnace tubes under normal operations, before or part Modernization Project 
conditions. However, if sulfidation corrosion causes the tubes to thin enough 
that the internal pressure stresses become high, then creep might increase the 
risk of failure by creep/sulfidation. Chevron has conducted a detailed analysis of 
the F-1100 and F-1160 furnace tubes and has concluded that both the 
convection section and radiant section tubes in F-1100 should be suitable well 
beyond 2017 during post-Modernization Project operating conditions. However, 
Chevron's analysis does not include sufficient data as to the present condition of 
the F-1100 radiant tubes, based on creep damage. Their analysis of the existing 
condition of the F-1160 furnace tubes is much more conclusive regarding the 
suitability for continued service under post-Modernization Project conditions. 
Therefore, based on some degree of unknown risk from failure of the F-1100 
radiant tubes from creep/stress-rupture, recommendations to reduce the 
unknown degree of risk are warranted. The recommendations, as detailed below, 
involve the testing of selected 5Cr radiant section tubes for laboratory Omega 
testing to verify their condition based on creep.  

1.9.2.9 Crude Unit Recommendations 

The operational and feedstock changes contemplated by the Modernization 
Project have the potential to increase the risks of accidental releases of 
hazardous substances associated with increasing damage mechanism activity. 
Specifically, increased sulfur content of feedstocks, increased hydrogen purity 
produced by the new hydrogen plant, increased H

2
S partial pressures in 

hydroprocessing plants recycle streams, or potentially higher temperatures in 
the crude unit based on API gravity ratings could all contribute to increased 
damage mechanism activity post-Modernization Project, thereby warranting the 
implementation of the following preventive measures:.  
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1. Based on the results from the F-1100 radiant tube sulfidation analysis, 
Chevron should monitor the post-Modernization Project sulfur content being 
fed to the crude unit and use a 2.0 wt.% sulfur content of feed as a trigger to 
conduct a review of the F-1100 crude charge furnace to study whether the 
5Cr radiant tubes are safe to operate until the 2017 shutdown.  

2. Chevron’s analysis of the atmospheric column furnace F-1100 does not 
include conclusive evidence as to the present creep/stress-rupture condition 
of the tubes. Therefore, it is believed that some additional actions are 
required in order to lower the risk of a creep/stress-rupture or sulfidation 
failure in a F-1100 tube under post-Modernization Project operating 
conditions. Acceptable options to lower the risk of heater tube failures 
include: 

• Furnace F-1100: Option 1, complete all of the following actions: 

o Complete a full internal tube inspection for F-1100 during the 4th 
quarter 2017 crude unit turnaround using intelligent pigs. 

o Conduct testing on the two currently available, radiant section 
tubes from the F-1100 Furnace to verify their existing 
metallurgical, physical and mechanical properties, plus remaining 
creep life using accelerated Omega creep testing as an input to 
decide whether the F-1100 furnace should be retubed during the 
2017 shutdown. 

o Conduct additional metallurgical, physical, mechanical and, 
Omega creep testing on radiant furnace tube samples to be 
removed during the 2017 shutdown, depending on the results of 
the Omega testing planned for the 2012 furnace tube samples. 

o In 2017, replace tubes as needed in F-1100 per Chevron’s 
replacement criteria for furnace tubes. The replacement criteria 
are based on the minimum furnace tube thickness on the furnace 
Safety Instruction Sheet and remaining wall thickness collected by 
intelligent pig data. 

o Install at least three Permasense® continuous monitoring 
ultrasonic thickness gauge monitors in each of the furnace outlet 
systems. If the monitors indicate an increase in corrosion rates 
greater than 5 mpy, review the need for additional mitigation 
actions. 

• Furnace F-1100: Option 2: 

o Retube the F-1100A/B furnace during the 2017 turnaround with 
9Cr or higher alloy tubes.  
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3. The vacuum column furnace, F-1160, is constructed of 5Cr radiant tubes. The 
recommended actions for this furnace are as follows: 

• Complete a full internal tube inspection for F-1160 during the 2017 
crude unit turnaround using intelligent pigs. 

• In 2017, replace tubes as needed in F-1160 per Chevron’s 
replacement criteria for furnace tubes. The replacement criteria are 
based on the minimum furnace tube thickness on the furnace Safety 
Instruction Sheet and remaining wall thickness collected by intelligent 
pig data. 

4. Conduct laboratory analyses to more accurately determine crude and crude 
blend sulfur speciation and H

2
S evolution, which could be used to predict 

likely crude corrosion rates. This should be done by end of the fourth quarter 
of 2015. 

5. Develop integrity operating windows (IOWs) for critical crude unit operating 
parameters per the guidelines in the draft version of API-584. This should be 
done by end of the third quarter of 2014. 

6. The Crude Splitter software is used to predict the distribution of the sulfur in 
the atmospheric tower sidecut and bottom streams. Verify the Crude Splitter 
predicted sulfur results with post-Modernization Project data on the sulfur 
containing streams within the first year of operation following the 
implementation of the Modernization Project if the trigger points (2.25 wt.% 
sulfur and 2.75 wt. % sulfur) noted in the Modernization Project Reliability 
Program are reached. 

7. Revise the asset integrity plans for the crude unit atmospheric column reflux 
drum, V-1100, the stabilizer column reflux drum, V-1190, and the vacuum 
column overhead seal drum, V-1160, to include inspection for Wet H

2
S 

damage. An external automatic ultrasonic testing inspection of 
representative sections of the "water wet" portions of V-1100, V-1160 and V-
1190 vessels should be conducted as a baseline before the start of post-
Modernization Project conditions, then checked externally again 
approximately one year after the start of the Modernization Project 
conditions. In addition, a one-time internal inspection should be conducted 
of these vessels during the scheduled maintenance turnaround after the start 
of Modernization Project conditions, using eddy current or other approved 
internal inspection techniques per the Chevron Wet H

2
S program. 

8. Develop a process monitoring plan for the crude unit overhead to confirm 
any impacts of the increased sulfur levels. The monitoring plan should be 
implemented post-Modernization Project and should include: 
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• Process sampling of the accumulator for pH, chlorides, iron and H
2
S 

content. Compare to established integrity operating windows (IOWs); 

• Monitor desalter pH; 

• Analyze the atmospheric tower post-Modernization Project to quantify 
if, and how much, increased H

2
S is in the overhead system resulting 

from the increased sulfur feed to the unit; 

• Higher mercaptan crudes could lead to increased sulfidation 
corrosion rates in the jet or kerosene cuts. Modify asset integrity 
plans to monitor for potential increased corrosion if higher mercaptan 
crudes are run compared with current and historical crude and crude 
blends; and  

• Review the asset integrity plan to ensure that the Permasense 
continuous ultrasonic monitoring locations are properly placed to 
ensure early detection, should corrosion rates increase significantly 
beyond expectations per the McConomy curve predicted rates. 

9. The reliability review for the Modernization Project has identified seventeen 
(17) piping circuits in the crude unit that warrant replacement based on post-
Modernization Project operating conditions. The Refinery has committed to 
accelerating the replacement of these circuits during the next scheduled 
turnaround for the crude unit, no later than end-of-year (EOY) 2017, as 
shown above in Table A4.13-REL-5.  

The reliability review for the Modernization Project has also identified four 
partial piping and valve replacements in the crude unit that warrant 
replacement based on reasonably foreseeable post-Project operating 
conditions. Chevron has committed to accelerating the replacement of these 
partial components during the next scheduled turnaround for the crude unit, 
no later than end-of-year (EOY) 2017, as shown in Table A4.13-REL-6 above. 

10. As with all piping circuits in the Facility, new 9Cr circuits should be regularly 
monitored and inspected. Beginning one year from commencement of 
Modernization Project operations, the Facility should provide annual reports 
to the City summarizing the monitoring and inspection results for the 
identified circuits as noted above. These reports shall, at a minimum, include 
the following information: 

• A list of all piping circuits identified as potentially susceptible to 
sulfidation corrosion, including specifically, piping circuits identified 
during the reliability review for the Modernization Project as being 
susceptible to sulfidation corrosion and subject to potential process 
changes; 
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• A list of components identified through the 100% component 
inspection conducted following the August 6, 2012 fire pursuant to 
the methodologies set forth in the API-939-C - Guidelines for Avoiding 
Sulfidation (Sulfidic) Corrosion Failures in Oil Refineries and Updated 
Inspection Strategies for Preventing Sulfidation Corrosion Failures in 
Chevron Refineries (API-939-C, 2009) that may lack sufficient 
thickness to remain in service until the next scheduled turnaround; 

• A description of the solutions implemented with respect to 
components of insufficient thickness identified above; 

• A description of the current fixed inspection frequency for carbon 
steel piping circuits identified as potentially susceptible to sulfidation 
corrosion; 

• A description of any findings from inspection and monitoring of the 
piping circuits identified during the reliability review for the 
Modernization Project as being susceptible to sulfidation corrosion 
and subject to potential process changes that indicate that any of 
these circuits lack sufficient thickness to remain in service until the 
next turnaround and a description of the solution to be implemented 
with respect to these circuits. 

11. Chevron shall obtain all required permits for replacement of these piping 
circuits pursuant to the California Building Standards Code, inclusive of the 
California Fire Code, and, once the piping circuits are replaced, shall submit 
copies of closed permits to the Planning Department to demonstrate 
compliance with this commitment. 

12. Re-evaluate and report on the validity of post-Modernization Project 
operating and process assumptions made during the reliability review. The 
reliability review for the Modernization Project assumed that certain 
operating conditions would exist once the Project is implemented, including 
projected temperatures, sulfur levels, and corrosion rates for various process 
units and individual piping circuits. These assumptions were based on either 
the P50 sulfur case or a conservative 3.28 wt.% (P90) sulfur case. In order to 
verify that the assumptions made during the reliability review were accurate, 
the Facility will undertake the following actions: 

• When the sulfur weight percent of crude oil processed at the Facility 
reaches 2.25 wt.% sulfur on an annual average, and then again when 
it reaches 2.75 wt.% sulfur annual average, the Facility shall: 

o Assemble a reliability review team that will be made up of 
appropriate subject matter experts (SMEs), including a Senior 
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Process Engineer, Senior ETC Materials and Corrosion Engineer, 
Refinery Materials Engineer and Process Operator; 

o For all damage mechanisms identified as being affected by the 
Project, and using then-current inspection and/or monitoring 
data, the reliability review team shall review, analyze, and, as 
necessary, update, the data and conclusions prepared during the 
reliability review for the Modernization Project to determine 
whether the assumptions made and conclusions reached during 
the reliability review accurately reflect actual post-Project 
operating conditions. 

o Review any changes associated with sulfur speciation that have 
resulted from the Project. 

o Review any operational or process changes that have occurred 
post-Project. 

o Make recommendations concerning material upgrades and /or 
enhanced inspection opportunities as necessary based on the re-
evaluation. 

o Report on the results of this re-evaluation and any resulting 
recommendations. 

13. Installation and Monitoring of Additional Permasense® Monitors on Identified 
Circuits 

Since the beginning of 2013, the Refinery has installed a total of 117 
Permasense® probes in the crude unit on six piping systems consisting of 
carbon steel, 5 Chrome, and 9 Chrome materials. Permasense® is the trade 
name of a type of high-temperature ultrasonic device that is mounted on a 
pipe or vessel, and penetrates through insulation. It has wireless sensors that 
provide periodic equipment thickness readings (at variable intervals, but 
currently set to collect thickness data twice a day) to monitor a system. Due 
to noise and sensitivity, the technology is limited to longer-term trending 
(days and months vs. hours) which is appropriate for piping subject to 
sulfidation conditions with its predictable rates. 

The six piping systems on which the sensors where installed were chosen 
based on past and anticipated projected future operating conditions. The 
wireless probes collect pipe wall thickness data while the plant is operating, 
and are used to monitor corrosion rates. This long-term online monitoring 
program will be part of the reliability program to ensure safe operation of 
equipment after the Modernization Project commences operations. Thirteen 
of these piping circuits with Permasense® monitors installed have been 
identified for replacement and will be upgraded to 9 Chrome pursuant to the 
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planned piping circuit upgrades described above, and the Permasense® 
monitors will not be reinstalled on these circuits. In addition, as part of the 
Project, the Refinery will install at least 25 additional Permasense® monitors 
on carbon steel circuits in the SDA unit. These sensors are being installed to 
confirm the predictive model results that there will be little-to-no sulfidation 
corrosion in the SDA unit post-Project. 

Data from the Permasense® monitors will be utilized in the reporting 
obligations. 

14. Develop and implement physical or administrative controls to assure that 
carbon steel piping components downstream of high sulfur temperature 
sulfur streams operating > 500°F are not inadvertently placed into continuous 
(e.g., placement of a warning tag, locked valve, double-block-and-bleed 
valves or other measures). This should be completed prior to the 
commencement of Modernization Project operations. 

15. Higher mercaptan crudes could lead to increased sulfidation corrosion rates 
in the jet or kerosene cuts. Conduct a historical review of purchased crudes 
and processed crude blends for the 90% confidence level of highest 
mercaptans processed and use this statistical number to set a review flag in 
the crude and gas oil acceptance procedure. If higher mercaptans crudes are 
run at the Facility, review the Permasense® corrosion rate data from this time 
period as part of the crude management of change lookback. This should be 
completed prior to the commencement of Modernization Project operations. 

16. Add corrosion monitoring locations (CMLs) to the crude unit atmospheric 
column overhead piping (circuit 0955-003-001) at the termination of the 
overlay. This should include the termination of cladding in the vertical 
section of piping as well as the termination point at the inlet to the E-1101's. 
Review other, similar locations in the crude unit for missing dissimilar metal 
interface thickness monitoring locations (TMLs). This should be completed 
prior to the commencement of Modernization Project operations. 

1.9.3 Hydroprocessing  

1.9.3.1 Process Description 

Hydroprocessing refers to the refining process that changes the chemical 
compositions of hydrocarbons by passing them over a catalyst in the presence of 
hot, high-pressure hydrogen. The catalyst is contained in one or more reactor 
vessels, which typically operate at temperatures of 600-850oF and at pressures of 
several hundred to several thousand pounds per square inch. The objective of 
hydroprocessing is one or both of the following: 

 To remove sulfur and nitrogen compounds (“hydrotreating”) 
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 To alter the molecular structure of the oil to generate products of greater 
value (“hydrocracking”) 

The feed to the HP units are generally naphtha or gas oils from the crude unit, or 
purchased feed streams from other refineries. The products coming from the HP 
units are de-sulfurized or de-nitrified hydrocarbon streams that are fed to other 
units for further processes, or final products such as gasoline, light gases, etc. 

The hydrocarbons in the HP units are not corrosive. Corrosion is the result of 
non-hydrocarbon components such as sulfur, nitrogen, or chlorides in the 
system. Sulfur compounds in the feed convert to corrosive H

2
S. Nitrogen 

compounds convert to ammonia, which react with H
2
S to form corrosive 

ammonium bisulfide. Chlorides convert to HCl, which in turn reacts with 
ammonia to create ammonium chloride. Finally, at high enough temperatures 
and pressures hydrogen is capable of damaging metals. 

The major parts of a hydroprocessing unit are: 

 Unit feed and preheat system which raises the feed temperature and 
pressure. This includes piping and feed/effluent heat exchangers. Hydrogen 
is also introduced in this portion of the plant. The hydrogen enters at 
relatively cool temperatures such that alloy steels are not needed to combat 
sulfidation or high-temperature hydrogen attack.  

 Feed furnaces are all 300-series stainless steels selected to avoid both 
sulfidation and HTHA, with typically 347SS used to minimize risk of 
polythionic SCC. 

 The reactor loop uses 300-series stainless steels as cladding material for the 
reactors, and solid 300SS piping. The process exiting the reactors is used for 
preheat to the feed using the feed/effluent exchangers, then travels on to 
downstream separation vessels. 

The reactor contains catalyst(s) and typically operates high pressures and 
temperatures. Hydrogen is injected into the feed which is heated in feed/effluent 
exchangers and a furnace. In the reactor(s), sulfur and nitrogen compounds are 
converted to H

2
S and ammonia. The reactor effluent is cooled through various 

heat exchangers and typically one or more air coolers, and then is sent to the 
separator vessels. Water is typically injected for fouling/corrosion control 
upstream of the air coolers. The gas phase from the separators consists 
primarily of hydrogen with some very light hydrocarbons and a high percentage 
of the H

2
S generated in the reactors. Gas from the separator is recycled back to 

the feed through a compressor, with some make-up hydrogen also being added. 
The liquid hydrocarbon phase from the separators is sent through pressure let-
down valves to the fractionation section of the unit. The water phase from the 
separators contains almost all of the ammonia formed in the reactors. The 
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dissolved H
2
S in this water combines with the NH

3
 to form ammonium bisulfide 

(NH
4
HS), as well as inorganic salts such as ammonium chloride. Traces of cyanide 

may also be present, depending on the feed to the unit.  

As the process continues to the products section it is cooled further, and the 
gases (hydrogen, light gases) are separated from the liquids (hydrocarbons, 
water). Towards the end of this section large air coolers are used; this portion of 
the process is typically termed the Reactor Effluent Air Cooler (REAC) section. 
The corrosiveness of the REAC systems vary widely, depending upon the amount 
of the contaminants and the process, which in turn necessitates varying degrees 
of alloying in this section of the plant. Water wash systems are used for 
removing the corrosives from the reactor effluent stream. Chevron documents 
their process control, alloy and water wash strategies to control REAC 
ammonium bisulfide corrosion in the HP-002 “Reactor Effluent Air Cooler Piping 
and Equipment Corrosion Control Guidelines” Best Practice (Chevron [n.d.3]).  

Downstream of the separators the hydrocarbon goes to the hydroprocessing 
distillation section which is primarily carbon steel, except for the distillation 
furnace tubes, which have shown erratic sulfidation behavior in the industry.  

The Chevron refinery has eleven HP units, as detailed in Table A4.13-REL-7 
below. These units have various degrees of damage mechanism susceptibility, 
based on post-Modernization Project conditions. 

Of the eleven HP units, four of the units will see no impact of increased sulfur in 
feedstock: 

• Chevron states that the GHT will not see an increase in feed sulfur 
because the sulfur content of the fluid catalytic cracker gasoline, which 
feeds the GHT, will not change. 

• Chevron states that the ISO, LNF and HNF units will not see an increase in 
feed sulfur as they are all 2nd-stage units. These second stage units 
process the product from the 1st-stage TKN, LNC, and HNC units. While 
these three 1st-stage units will see a higher sulfur feedstock, they must 
still desulfurize and denitrify to the same level as current specifications to 
protect the 2nd-stage catalyst. Therefore, the 2nd-stage units (ISO, LNF, 
and HNF) will not see higher sulfur levels. 

The TKN, LNC, and HNC units will see higher feed sulfur (Chevron [n.d.7]). In 
addition, the JHT, DHT, and TKC units will also see an increase in feed sulfur 
levels. However, the reactor inlet and outlet piping, which see process 
temperatures above the threshold sulfidation temperature (~450-500oF), are 300-
series stainless steel to mitigate the high-temperature sulfidation corrosion so 
that there is no significant increase in corrosion risk in this area of the unit 
resulting from the higher sulfur feed. The NHT will also see a modest increase in 
sulfur but it does not have any carbon steel in the plant operating above 450F; it  
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TABLE A4.13-REL-7 CHEVRON RICHMOND HYDROPROCESSING UNITS 

Unit Description Feed Source 
Modernization 

Project 

GHT 
Fluid Catalytic Cracker 
Gasoline Hydrotreater 

Fluid Catalytic Cracker Unit Note 1 

NHT Naphtha Hydrotreater Crude Unit Stabilizer Note 2 

JHT Jet Hydrotreater Crude Unit #1 & #2 Sidecut Note 2 

DHT Diesel Hydrotreater Crude Unit #3 Sidecut Note 2 

TKC 
Fluid Catalytic Cracker Feed 
Hydrotreater  

SDA unit DAO, Imports Note 2 

TKN Stage l Denitrification 
Crude Unit #4 & #6 Sidecut, 
Imports 

Note 3 

ISO Stage 2 lsocracker TKN Note 1 

LNC Light Neutral Hydrocracker Crude Unit #7 Sidecut Note 2 

LNF Light Neutral Finisher LNC Note 1 

HNC Heavy Neutral Hydrocracker Crude Unit #8 Sidecut Note 2 

HNF Heavy Neutral Finisher HNC Note 1 

Note: 1 – No Changes 
2 – Sulfur increase in the P-50/P-90 Case and Sulfur and Nitrogen increases in the Sensitivity analysis 

3 – Sulfur and Nitrogen increases in the P-50/P-90 Case and Sulfur and Nitrogen increases in the 
Sensitivity analysis 

has 1 ¼ Cr- ½ Mo chrome piping in the reactor inlet and outlet piping, but it is all 
operating below 550F, which per the McConomy Curve is equivalent to less than 
a 3 mpy corrosion rate. 

1.9.3.2 Corrosion and Materials Selection in Hydroprocessing Units 6 

1.9.3.2.1  Reactor Loop— General 

The materials of construction used in the reactor loop of a hydrotreater must be 
resistant to the following forms of corrosion damage: 

 High-temperature hydrogen attack. 

 High-temperature H
2
-H

2
S corrosion. 

 Aqueous corrosion by ammonium bisulfide 

                                               
6 C.A. Shargay, A.J. Bagdasarian, J.W. Coombs, W.K. Jenkins, Corrosion in Hydroprocessing Units, 
NACE International, Houston, TX. 
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 Stress corrosion cracking by chlorides, sulfur acids, or sulfides. 

 Naphthenic acid corrosion (if feed has a high neutralization (TAN) number). 

1.9.3.2.2 Reactor Feed System 

Up to the point of recycle hydrogen addition, the hydrocarbon feed to the plant 
is generally noncorrosive to carbon steel, except when the feed contains H

2
S at 

>500°F or naphthenic acids at >450°F. In those cases where the plant feed is 
corrosive because of high temperature and dissolved H

2
S, corrosion can be 

minimized by using the appropriate alloys to resist high-temperature sulfidation. 

After the point of recycle hydrogen addition, progressively higher alloys are 
required to resist both hydrogen attack and high-temperature H

2
-H

2
S corrosion as 

the feed is heated. The threshold temperature for H
2
-H

2
S corrosion depends on 

the amount of H
2
S introduced with the recycled gas, but in most plants it is on 

the order of ~500°F. Above this temperature, austenitic stainless steels are 
typically used for piping and exchangers to provide corrosion resistance. 
Exchanger bundles are typically Type 321SS, and the shells and channel sections 
are clad with Type 321SS or Type 347SS. However, Type 347SS is normally used 
for cladding on thick-walled components, as there is a risk that Type 321SS 
might sensitize during the lengthy fabrication heat treatment. 

Hydrogen attack becomes a materials consideration in the reactor feed system 
when above about 450°F. Although stainless steels are immune to hydrogen 
attack under plant conditions, hydrogen can diffuse through stainless cladding 
to attack the base metal. Based on these considerations, the reactor feed system 
is normally carbon steel where temperatures are below about 450°F. Within a 
relatively narrow temperature span of 450°F to 500-550°F, 1 1/4Cr-1/2Mo or 2 
1/4Cr-1 Mo may be used where resistance to hydrogen attack is required. Above 
500°F to 550°F, piping will generally be Type 321SS steel to prevent H

2
-H

2
S 

corrosion and exchanger channel sections and shells will be stainless clad, with 
1 1/4Cr-1/2Mo or 2 1/4Cr-1 Mo base metal used as needed for protection from 
hydrogen attack. 

1.9.3.2.3 Reactor Feed Furnaces 

Tubes and return bends are commonly constructed of Type 347 SS, although 
Type 321SS has also been used. Return bends should be wrought rather than 
cast, both to obtain superior quality and because castings tend to develop sigma 
embrittlement above 1000°F. 

1.9.3.2.4 Reactors 

Reactors are constructed of low alloy steel for hydrogen attack reasons and are 
protected against H

2
-H

2
S corrosion by austenitic SS roll-bond cladding or weld 

overlays. The most common base metal for reactors is 2 1/4Cr-1Mo steel, 
although 3Cr-1Mo has also been used. Alloys lower than 2 1/4Cr-1Mo are 
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occasionally used when temperature and hydrogen partial pressure permit. 
Reactor internals are constructed of an austenitic stainless steel, typically Type 
321SS or 347SS. Aluminizing is sometimes specified for catalyst support screens 
to help prevent corrosion which could result in plugging from scales. Aluminum 
is essentially immune to H

2
S corrosion. 

1.9.3.2.5 Reactor Effluent System 

In the reactor effluent system, from reactor to the reactor effluent/stripper feed 
exchanger, materials selection is based on the same criteria as in the reactor 
feed system. Stainless steels should be used for corrosion protection until the 
stream is cooled below the threshold for high-temperature H

2
-H

2
S corrosion 

(about 500°F). Alloys resistant to hydrogen attack should be used down to about 
450°F. From the reactor outlet temperature down to about 500°F, piping and 
exchanger bundles are generally Type 321SS, and exchanger shells are Type 
321SS or Type 347SS clad. Base metals used for exchanger shells may again be 2 
1/4 Cr-1 Mo or 1 1/4 Cr-1/2Mo, depending on the alloy content required to 
provide resistance to hydrogen attack. Below the 450°F hydrogen attack 
threshold, carbon steel is generally used. 

1.9.3.2.6 Reactor Effluent—Distillation Feed Exchangers 

Many plants use an exchanger that cools the reactor effluent stream by 
exchanging it with the separator liquid on its way to the first distillation column 
after the reactor system. Such exchangers pose special corrosion problems. One 
problem is entrainment of small quantities of salt-containing water in the 
separator liquid. As this stock is heated, this water evaporates, leaving salt 
deposits on the tubes. Carbon steel tubes may corrode in the presence of these 
deposits. Tube life is highly variable, depending primarily on temperature and 
the amount of salt entrained into the exchanger. Chrome-moly steels perform no 
better than carbon steel in this instance. Austenitic stainless steels are likely to 
fail by chloride stress corrosion cracking or underdeposit, ammonium chloride 
pitting. In general, austenitic stainless steel tubes should not be used in this 
service except in existing plants where good performance has been proven. This 
results in the materials selection for these tubes being a choice between carbon 
steel and expensive alloys such as Alloy 825, AL6XN or Alloy 625. For new plant 
construction, carbon steel is generally specified. The exception is when reactor 
effluent-side temperatures are so high that a more resistant alloy is required for 
high-temperature H

2
S corrosion. Under these conditions, and for replacement of 

existing exchanger bundles where carbon steel shows inadequate life, an alloy 
with good resistance to chloride corrosion and sec should be used. 

1.9.3.2.7 Effluent Air Coolers 

Effluent air coolers are probably the equipment most vulnerable to ammonium 
bisulfide corrosion. Most plants initially install carbon steel tubes for effluent air 
coolers, however some have installed duplex stainless steel or Alloy 800 or 825. 
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In some cases, carbon steel has experienced corrosion failures due to excessive 
velocities, oxygen in the injection water, maldistribution of flow or other causes. 
Where such problems have occurred and tube materials have been upgraded, 
Monel 400, Alloy 800 or 825 has been used for tube replacement. The Alloy 800 
series provides resistance to high concentrations of ammonium bisulfide. 
However, there have been cases of polythionic SCC of Alloy 800 piping and 
equipment. Alloy 825 is stabilized and contains molybdenum, and hence, has 
superior resistance to polythionic and chloride SCC, as well as NH

4
HS corrosion. 

Duplex stainless steels such as Type 2205 are increasing in use for tubes and 
header boxes. Although they should have good NH

4
HS corrosion resistance, 

austenitic stainless steel tubes have seldom been used in this service, due to the 
risk of chloride stress corrosion cracking. In the past, several companies have 
used Type 410SS or Type 430SS tubes in effluent air coolers but failures have 
occurred by isolated pitting. Alloy 400 (Monel) has been used successfully for a 
few air coolers in the past, but may not be suitable for units with high levels of 
NH

4
HS. In some plants, effluent air coolers have been constructed with stainless 

steel ferrules at both inlet and outlet ends of the steel tubes. This provides 
increased protection against tube end erosion-corrosion. Ferrules have also been 
installed with good results in existing steel air coolers where tube end attack had 
occurred. When ferrules are used, the ends of the ferrules must be tapered to 
provide a smooth flow transition. Carbon steel header boxes may also 
experience corrosion if velocities or turbulence are excessive. Industry 
experience indicates that the majority of those effluent air coolers experiencing 
tube corrosion will also suffer attack on header boxes. For this reason, alloy 
header boxes should be used with alloy tubes. Although ammonium bisulfide 
corrosion is the major concern, failures can also occur from NH

4
Cl corrosion. 

NH
4
Cl condenses at temperatures above the NH

4
HS condensation temperature. 

The deposits are hygroscopic and often provide enough cooling of the metal to 
result in water condensation and acid formation beneath the deposit. No 
practical materials upgrade will resist this problem, so it is usually avoided by 
raising the process temperature. 

1.9.3.2.8 Effluent Air Cooler Inlet and Outlet Piping 

The piping upstream (from the water injection point) and downstream of the 
effluent air cooler is often subject to the same NH

4
HS erosion-corrosion problem 

as the air cooler. Corrosion is typified by highly localized metal loss at bends, 
tees, and other points of local turbulence. Such corrosion is most likely to occur 
when the process fluid is high in NH

4
HS concentration, and where fluid velocities 

are high. Carbon steel piping should be designed with a 20 ft./s maximum limit. 
When new units are predicted to be extremely corrosive, when high reliability is 
desired, when periodic rigorous inspection is considered difficult or 
uneconomical, or when corrosion occurs in existing plants, alloy piping is often 
installed. Alloy 800, Alloy 825, Type 316L SS (for application below 140°F), Alloy 
20 and duplex alloy 2205 have been used. The upper velocity limit for alloy 
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piping can be increased to approximately 30 ft./s. When carbon steel is used, it 
generally has a high corrosion allowance of 1/4 in. Balanced inlet and outlet 
piping is also typically specified. This type of corrosion can also occur 
downstream of the separators in lines handling wet hydrocarbons or foul water, 
and in other piping where the process fluid contains appreciable quantities of 
H

2
S and ammonia, and any quantity of liquid water.  

1.9.3.2.9 Separator Vessels 

Except for units operating with greater than 10% NH
4
HS, separator vessels 

normally have very low corrosion rates. The major concern is that the incoming 
process fluid may impinge on the shell or heads, causing localized NH

4
HS 

corrosion at that point. Typically, installing a stainless steel impingement baffle 
or wear plate of adequate size to shield the entire impingement area avoids the 
problem. The only major exception is the hot separator in a hydrotreater design 
where the first separator operates at or near the full reactor outlet temperature. 
Accordingly, stainless-clad construction is used to provide resistance to high-
temperature H

2
-H

2
S corrosion. The base metal is chosen to resist hydrogen attack 

at operating temperature. Cold separators containing sour water may be subject 
to severe HIC and SOHIC. On recent units, these vessels have been built of HIC 
resistant steel or entirely clad with a 300 series stainless steel.  

1.9.3.2.10 Recycle Hydrogen System 

Significant corrosion is seldom encountered in this part of the system. The only 
potentially serious materials problem is SSC of the recycle gas compressor, as it 
typically contains materials like 4330 or 4140 steel, which can be susceptible to 
SSC if too high in hardness. To avoid this problem, it is common practice to limit 
the strength and hardness of compressor materials.  

1.9.3.2.11 Distillation Section 

Construction materials used in the distillation section are chosen on the basis of 
the need to resist high-temperature H

2
S corrosion. Where H

2
S is present at 

temperatures above about 500°F (depending on H
2
S concentration), alloy is 

required. Where H
2
S is absent or where temperatures are below 500°F, carbon 

steel is generally adequate. Where the temperature exceeds 600°F, corrosion may 
occur at H

2
S levels as low as 1 ppm. Aside from the possibility of high-

temperature H
2
S corrosion, the only other corrosion concern is in the overhead of 

the distillation column. Overhead condensers and drums exposed to both water 
and H

2
S may experience moderate corrosion, but this is rarely a serious problem 

and may be further controlled by injection of a filming amine inhibitor. In the 
overhead systems, many refiners may apply materials and fabrication controls to 
minimize wet H

2
S cracking; however, HIC steels are not typically used in this 

location. 
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1.9.3.3 Hydroprocessing Damage Mechanisms 

Based on the reported feeds to the seven impacted units, the following damage 
mechanisms were to be potentially impacted, based on post-Modernization 
Project conditions: (1) high-temperature sulfidation; (2) H

2
-H

2
S Corrosion; (3) 

ammonium bisulfide corrosion; (4) wet H
2
S damage and (5) HTHA. The damage 

mechanisms ammonium chloride, creep/stress rupture, PTASCC, temper 
embrittlement and, chloride SCC were determined to not change from existing 
conditions due to reasons discussed previously in Section 1.7, Damage 
Mechanisms Active in the Facility and Impacted by the Modernization Project's 
Operational and Feedstock Changes and Section 1.8, Damage Mechanisms 
potentially Active in the facility impacted units but Determined to be not affected 
by the Modernization Project of this Appendix. 

1.9.3.3.1 High-Temperature Sulfidation and H
2
-H

2
S Corrosion 

HP units typically have two versions of high-temperature sulfidation corrosion 
possible:  

1. High-temperature sulfidation corrosion in which significant hydrogen is not 
involved (essentially the same as described in the crude unit). This is often 
referred to as H

2
S corrosion. 

2.  High-temperature sulfidation corrosion in which significant hydrogen is 
involved. This is often referred to as H

2
-H

2
S corrosion. 

In the Chevron HP units the hydrogen is either introduced into carbon steel or 
low alloy piping early in the process where the temperatures are still relatively 
low (~400oF), below sulfidation damage and HTHA initiation temperatures, or is 
injected into 300 series SS. Therefore, the HP units are exposed to the H

2
-H

2
S 

version of the corrosion until the hydrogen is removed near the end of the 
process. Therefore, based on the conservative use of 300-series stainless steel 
piping and equipment in H

2
-H

2
S service above ~450oF the Modernization Project 

will have no reasonably foreseeable impact related to high-temperature 
sulfidation. 

At the distillation (fractionation) section of the hydroprocessing plants located at 
the back end of the HP units, much of the hydrogen and H

2
S has been removed 

but the process stream is still sour. The industry has found that the corrosion 
behavior in the distillation section of HP units industry wide has been erratic (API-
939-C, 2009) and this hydroprocessing distillation section corrosion issue is 
under continuing study in the industry. Therefore, Chevron needs to remain 
vigilant for possible corrosion in the distillation sections of the plants. 

1.9.3.3.2 Ammonium Bisulfide Corrosion 

As discussed in other sections of this Appendix, ammonium bisulfide forms from 
the chemical combination of H

2
S and ammonia, typically in aqueous solutions 
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where the two species are contacted with liquid water or by direct condensation 
from a vapor phase if solubility limits are exceeded. The ammonia and H

2
S are 

created in the reactor section of HP units from catalytic conversion of sulfur and 
nitrogen in the feed to the unit.  

The industry best practice document for ammonium bisulfide corrosion in 
hydroprocessing plants is API-932-B, Design, Materials, Fabrication, Operation, 
and Inspection Guidelines for Corrosion Control in Hydroprocessing REAC 
Systems (API-932-B, 2012). API-932-B does not provide specific guidance on 
inspection frequencies but general guidance on variables affecting corrosion 
rates and materials selection criteria. Chevron also has developed their own 
proprietary hydroprocessing Best Practice Document, HP-002 -REAC Piping and 
Equipment Corrosion Control Guidelines (Chevron [n.d.3]), that incorporate 
elements of API -932-B but add Chevron specific guidelines to provide guidance 
for acceptable operating conditions, based on plant metallurgy with regards to 
ammonium bisulfide corrosion.  

Ammonium bisulfide corrosion in reactor effluent streams is influenced by three 
parameters: (1) H

2
S partial pressure; (2) ammonium bisulfide concentration; and 

(3) velocity (shear stress). Chevron’s HP-002 guideline defines operating severity 
ranges for ammonium bisulfide corrosion where each severity range has 
specified material selection, process limits, and inspection requirements. 
Chevron has a refinery REAC Corrosion Control Project underway which is 
planned for completion prior to the Modernization Project. This upgrade project 
was initiated to address changes made to HP-002 in 2011, which was revised to 
include the influence of H

2
S partial pressure on ammonium bisulfide corrosion 

rates. Until certain metallurgy upgrades are made to TKN and Sour Water System 
the refinery crude blend has been limited to keep operations within the new HP-
002 guidelines (Chevron [n.d.9]).  

As mentioned above, Chevron has its own proprietary Best Practice document 
(HP-002) for controlling ammonium bisulfide corrosion. They calculate H

2
S partial 

pressure in the reactor effluent using a proprietary refinery sour gas system 
simulation model. This model predicts the H

2
S concentration in the High Pressure 

Separator. Multiplying the calculated H
2
S concentration times the operating 

pressure yields an H
2
S partial pressure. The ammonium bisulfide (NH

4
HS) 

concentration in wash water is based on the degree of nitrogen conversion to 
ammonia that the reactor system will accomplish. The calculated ammonia in the 
reactor effluent vapor is removed by a water wash where it combines 
stoichiometrically with H

2
S to generate ammonia bisulfide. These two parameters 

(H
2
S partial pressure and ammonium bisulfide concentration) along with velocity 

define the operating regime severity of the reactor effluent system according to a 
set of internal guidelines specified in HP-002.  
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HP-002 Best Practice specifies design, materials and process parameters such 
that if the plant(s) stay within the parameters, corrosion remains low (less than 
10 mpy carbon steel, 5 mpy REAC air cooler tubes, 5 mpy alloy piping, 3 mpy 
alloy REAC tubes). HP-002 also prescribes equipment inspection monitoring and 
process monitoring and control that take into account unit specific metallurgies 
and design that are used to verify HP-002 predicted corrosion rates. An 
important process parameter in controlling NH

4
HS corrosion is the use of a water 

wash to absorb the NH
4
HS from the overhead vapor stream. The use of the water 

wash permits the control of maximum NH
4
HS content in the sour water within 

practical limits regardless of the amount of NH
3
 being formed in the reactor. 

Therefore, because of the water wash, the absolute values of nitrogen in the feed 
to the HP unit become less important. See the below figures A4.13-REL-7 to 
A4.13-REL-11 for calculated pre- and post-Modernization Project corrosion rates 
for the HP high severity units, including the high sensitivity nitrogen case.  

As an example of how the data points were derived, Table A4.13-REL-8 below 
gives feed property assumptions and resulting ammonium bisulfide and 
hydrogen sulfide partial pressures for the post-Modernization Project high 
nitrogen case shown by the yellow dots in the graphs. 

TABLE A4.13-REL-8 HIGH SEVERITY HYDROPROCESSING UNIT P50 SULFUR AND 

NITROGEN FEED CASES VS. THE HIGH NITROGEN SENSITIVITY CASE 

NH
4
HS and H

2
S PP Summary 

Crude Case: 1877 ppm N    

Crude Sulfur, 
wt.% 

2.36    

Feed Property 

 Sul, wt.% N, PPM NH
4
HS, wt.% H

2
SPP, psia 

TKN 2.1 984 9.20 127 

LNC 3 1308 8.20 102 

HNC 3.2 1930 11.70 143 

TKC 3.2 2304 14.9 92 

 

The analysis included foreseeable nitrogen levels, including those under the 
more probable P-50 sulfur case and the improbable P-90 sulfur case, which 
includes a nitrogen range of 1138 ppm to 1541 ppm. Additionally, because the 
analysis in Appendix 4.3-MET concludes that “it is likely that the crude oils 
processed by the Refinery if the Modernization Project is implemented have the 
potential to contain additional nitrogen,” a sensitivity analysis was completed 
that evaluated nitrogen levels at much higher levels (up to 1877, or 22% higher 
than the high nitrogen case of 1541 ppm). The sensitivity analysis case is shown  
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in yellow in the curves above. The graphs show that, under all projected 
increased nitrogen feed rates to the HP units, corrosion rates remain below HP-
002 guidelines.  

1.9.3.3.3 Wet H
2
S Damage 

Similar to the assessment of the crude and SDA units, the likelihood of wet H
2
S 

damage is not expected to change as the wet H
2
S equipment and piping are 

already presently in National Association of Corrosion Engineers (NACE) 
MR0175/ISO15156 sour service. Any increase in wet H

2
S above sour limits would 

not significantly impact the damage mechanism. Regardless, the wet H
2
S sections 

of the HP units are already being inspected for wet H
2
S per Chevron’s wet H

2
S 

best practice. 

1.9.3.3.4 HTHA Attack 

The hydrogen feed to the HP units will increase from about 95% to 99% purity 
with installation of the new hydrogen plant. This purity increase amounts to an 
approximately 4% increase in the hydrogen partial pressure. HTHA attack of 
carbon and low alloy steels is based on the hydrogen pressure and temperature, 
per the “Nelson Curves” in API-941 Steels for Hydrogen Service at Elevated 
Temperatures and Pressures in Petroleum Refineries and Petrochemical Plants. 
This increase is insignificant with respect to increasing the potential for HTHA by 
going over the limits of a API-941 resistance curve for a specific alloy (API-941, 
2008). In addition, Chevron has stated that they have a 50oF and 50 psig buffer 
limit for materials subject to HTHA in the HTHA Best Practice, except for 2 1/4 Cr 
to 1/2 Mo which has a 25oF and 50 psia buffer limit. This 25/25 buffer zone is 
common in the industry. The only unit where low alloy steels are installed where 
hydrogen is injected is the NHT unit and the 1.25Cr-1Mo piping installed in this 
unit operates at temperatures (550oF) well below the temperature for HTHA of 
this material.  

1.9.3.4 Hydroprocessing Recommendations 

1. At the 2.25% wt. % sulfur in crude feed trigger point, evaluate and modify as 
warranted, based on any increased sulfur in this section of the unit, 
inspection plans (what, where and how often) for the distillation section of 
the HP units where sulfidation corrosion rates have been “erratic” and 
uncertain, per API-939-C. 

2. Report on the progress of the project to compare the HP-002 Best Practice 
Guideline regarding, water wash, to API-932-B recommendations to ensure 
that the HP-002 document is consistent with 932-B guidelines. This report 
should be submitted prior to the commencement of Modernization Project 
operations.  
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3. Conduct process monitoring and sampling for post-Modernization Project 
operations for all HP units, to develop process data to confirm assumptions 
made during the damage mechanism review regarding amounts of H

2
S and 

ammonium bisulfide in the overhead systems. This shall be completed after 
commencement of Modernization Project operations.  

4. Develop integrity operating windows (IOWs) for the HP units to incorporate 
existing critical reliability variables such as the wash water rate for NH

4
HS 

corrosion control. The IOWs shall be established prior to the startup of 
Modernization Project operations.  

5. If the REAC Corrosion Control Project (TKN) is not completed pre-
Modernization Project, conduct a review of current operations to ensure that 
corrosion rates will remain under REAC best practice guidelines with any 
increase in sulfur to the unit. This shall be completed prior to the startup of 
Modernization Project operations. 

1.9.4 SDA Unit Reliability Impacts and Recommendations 

1.9.4.1 Process Description 

The SDA unit was upgraded and redesigned by mid-1994 to process 50,000 
BPSD of residuum oil using Kerr-McGee Corporation's ROSE® technology. These 
facilities are designed with some flexibility to extract deasphalted oil (DAO) 
product from vacuum resid using a mix of solvents. 39,000 BPSD of DAO is 
extracted from 50,000 BPSD of vacuum resid (charge) with a C5-rich solvent. The 
remaining asphalt by-product is produced at a rate of 11,000 BPSD. DAO product 
is processed in the downstream TKC (high pressure hydrocracker) unit and 
subsequently in the Facility's fluid catalytic cracker unit to produce valuable 
lighter products. The asphalt by-product is cut with light cycle oil (LCO) in the 
unit to produce tar. The tar is blended in downstream operations to produce 
heavy fuel oil. The SDA unit can be divided into the following functional 
segments: separator section, DAO stripping section, asphaltene stripping 
section, solvent circulation systems, and hot oil system. 

Based on a review of the SDA process description and process flow diagrams, the 
SDA unit will process resid from the crude unit vacuum column. Table A4.13-REL-
9 shows the potential changes in post-Modernization Project sulfur conditions in 
the unit: 
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TABLE A4.13-REL-9 SDA SULFUR LEVELS  

 Benchmark (P50) P90 Baseline1 

SDA Feed 5.7% 6.9% 3.8% 

DAO 5% 6.2% 3.6% 

Asphalt 7.5% 8.7% 4.7% 

F-1 100/200 
to C-102/122 

4.9% 5.7% 2.9% 

Note: 1Baseline is based on data from January through July 2012.  

Based on the above projected changes in the vacuum resid feed to the SDA unit, 
the post-Modernization Project damage mechanisms are considered to be a 
subset of those identified for the crude unit, based on increased sulfur contents 
and otherwise similar operating conditions, i.e., high-temperature sulfidation and 
wet H

2
S damage (SSC/HIC/SOHIC), based on increased H

2
S in the overheads of 

the SDA unit.  

The majority of the SDA unit is constructed of carbon steel, except for the feed 
heater furnace (chrome alloys) and some hotter heat exchanger tubes (chrome 
alloys).  

1.9.4.2 Damage Mechanisms Assessment of Chevron Richmond Refinery’s 
SDA Unit  

1.9.4.2.1 HT Sulfidation 

Based on an expected high-temperature sulfidation damage mechanism, the 
damage mechanism review process would be expected to be the same or similar 
to that for the similar service crude unit piping and equipment, i.e., (1) identify 
sulfur piping circuits above 500oF; (2) inspect for and identify/locate low Si 
piping (through locating and inspecting all components to identify any individual 
components that were corroding at significantly higher rates than the rest of the 
adjacent piping); (3) calculate (or simulate) the post-Modernization Project sulfur 
contents of the existing sulfur containing piping circuits; (4) calculate new 
corrosion rates and flag dates based on the higher sulfur content using the 
McConomy curves; (5) compare the post-Modernization Project corrosion rates 
and new flag dates with the existing piping circuit inspection database; and (6) 
develop a mitigation/monitoring plan for any piping circuits/fixed equipment 
that are projected to reach their flag dates prior to the next scheduled shutdown.  

All piping/equipment in the SDA unit is carbon steel including that operating 
above the sulfidation temperature threshold of greater than about 500oF, except 
for the F-100/F-120 furnaces, in which the furnace tubing is either 7Cr or 5Cr 
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low alloy steel. Chevron has conducted a sulfidation inspection of the SDA unit, 
including conducting a 100% component inspection for low silicon carbon steel 
piping operating above 500oF and inspection for sulfidation “dead legs” per their 
sulfidation dead leg procedure. The facility plans to inspect all carbon steel 
piping operating between 450oF and 500oF by the end of 2014. In addition to 
their existing CMLs, additional CMLs were placed on all carbon steel piping 
where corrosion rates showed a deviation from adjacent piping. Re-inspection 
intervals for the newly placed CMLs were shortened based on the measured 
thicknesses and corrosion rates, per API-570 guidelines. The furnace tubes were 
inspected in 2009 using smart pig technology. 

A review of Chevron’s summary inspection results and independent verification 
of corrosion rates using the McConomy curves, based on their published process 
temperatures and the sulfur levels (Chevron, 2014e), showed projected increases 
in high-temperature sulfidation corrosion rates to be minimal or about 5 mpy 
above current sulfur content rates. An analysis of existing available corrosion 
rate data for existing CS piping/equipment operating above 500oF show all 
corrosion rates less than 10 mpy. The flag dates for the piping systems are well 
into the future (the nearest SDA flag date is 2026). However, recognizing that 
corrosion rates will probably increase with increasing post-Modernization Project 
sulfur content of crude feed, a baseline inspection based upon the sulfur level 
triggers discussed above is recommended. In addition, Chevron has committed 
to installing 25 Permasense® probes in the SDA unit high-temperature carbon 
steel piping. Therefore based upon the existing good condition of the sulfidation 
piping/equipment and current low corrosion rates combined with the post-
Modernization Project monitoring to be implemented, the continued use of 
carbon steel piping and equipment is justified.  

1.9.4.2.2 Wet H
2
S Damage  

Based on the increased sulfur-containing resid to the SDA unit the H
2
S content of 

the overhead streams in several equipment items is expected to increase. 
Vessels potentially impacted include V-141, Low Pressure Solvent Accumulator, 
V-142, Asphalt Flash Solvent Accumulator and the V-143/144 High Pressure 
Solvent Accumulators. There has been no data presented to verify to what extent 
the H

2
S in these overhead systems will increase over current conditions; however, 

it would be prudent to verify post-Modernization Project worst case conditions 
regarding H

2
S in the SDA overheads and target one or more of the accumulator 

drums for an internal inspection using Chevron’s existing wet H
2
S program 

guidelines. 

1.9.4.3 SDA Recommendations 

1. Verify post-Modernization Project conditions regarding H
2
S content in the 

SDA overheads and target one or more “water wet” vessels for inspection 
using internal eddy current, external automatic ultrasonics (AUT) or other 
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non-destructive evaluation (NDE) techniques appropriate for wet H
2
S cracking 

detection within one year of operation under post-Modernization Project 
conditions.  

2. Conduct water boot analysis for corrosive constituents similar to that 
conducted in the crude unit on the unit overhead accumulator drums, 
including cyanides. This should be conducted at the 2.25 wt.% and 2.75 wt. % 
sulfur trigger points. 

3. When the sulfur wt.% of crude oil processed at the Facility reaches 2.25 wt.% 
sulfur on an annual average, and the again when it reaches 2.75 wt.% sulfur 
annual average, the Facility shall trigger the same responses for the SDA 
plant as described in the recommendation section of the crude unit. 

4. Conduct a follow-up smart pig inspection of F-100 and F-120 furnace tubes 
during the first planned maintenance after the unit has seen at least 1 year of 
post-Modernization Project operating conditions.  

5. Install at least 25 additional Permasense® monitors in carbon steel circuits in 
the SDA including sulfidation “dead legs,” based on a critical review of 
historical corrosion rates. These sensors will confirm the predictive model 
results that there will be little-to-no increase in sulfidation corrosion in the 
SDA post-Modernization Project. These installations should be completed 
prior to the commencement of Modernization Project operations. 

6. Develop IOWs per draft API-584 for identified damage mechanisms in the 
SDA unit. The IOWs should be established prior to the commencement of 
Modernization Project operations. 

7. Develop process monitoring and sampling plans for post-Modernization 
Project operating conditions to confirm assumptions made during the 
damage mechanism review project. The monitoring and sampling plans 
should be developed prior to the commencement of Modernization Project 
operations, and should be implemented after commencement of Project 
operations following an increase in sulfur content to the SDA unit. 

1.9.5 Amine Systems 

1.9.5.1 Process Description 

The new amine system function removes the H
2
S from the TKC sour recycle gas 

streams. The major components are the DEA absorber,C-430, the rich DEA flash 
drum V-2415, the DEA regenerator C-2420, the lean-rich amine exchanger, E-
2425A/B, the regenerator reboiler, E-2427A/B, the regenerator overhead fin fans, 
E-2420A/D, the regenerator reflux drum, V-2420 acid gas KO drum, V-2470 and 
the lean amine cooler, E-2426A/D. The C-430 overhead product sweet gas is 
routed to the TKC recycle gas compressor. The C-430 bottoms rich DEA amine 
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solution with the absorbed H
2
S is routed to the rich DEA flash drum, V-2415, at 6 

H
2
S. From the flash drum the rich DEA continues to DEA regenerator, C-2420, at 

6 H
2
S. The regenerator utilizes a steam reboiler to remove the H

2
S from the rich 

DEA. The regenerator OH product is H
2
S and the bottoms product is the 

regenerated, or lean amine. The lean amine is then routed back to the TKC H
2
S 

absorber. The H
2
S is routed to the sulfur recovery unit. 

With the new H
2
S absorber in the TKC plant, this effectively increases the number 

of absorption units from four currently to five. A new regenerator vessel will 
accommodate the increased amine regeneration load. Therefore, there should be 
no change in amine loading at the existing plants. Chevron will continue to 
adhere to their Best Practice guidelines for all of their amine units, including the 
new amine system for TKC, which should maintain corrosion rates at existing 
setting levels. 

1.9.5.1.1 General Amine Unit Materials of Construction and Damage Mechanism 
Discussion 7 

Carbon steel, with a nominal corrosion allowance, has been used for most 
equipment in amine units that remove H

2
S or mixtures of H

2
S and carbon dioxide 

containing at least 5% H
2
S. Some problems have been experienced with erosion-

corrosion associated with circumferential welds in piping made of carbon steel. 
The problems were solved by reducing fluid velocity to less than 5 ft./sec. 
Austenitic stainless steels have been used in locations where the corrosion rate 
of carbon steel is excessive. Such locations include those that contact ho rich 
solutions with high acid gas loading, areas of high velocity, turbulence, 
impingement, vapor flashing, or two-phase flow, and most heat transfer surfaces 
operating above approximately 230°F. Austenitic stainless steels are usually 
employed extensively in amine units to remove carbon dioxide from hydrocarbon 
streams that contain very little or no H

2
S. Clad plate is preferred over solid 

stainless steel construction to avoid possible through-wall cracking that results 
from chloride stress corrosion. In some locations, solid stainless steel 
construction is used where control of external chloride stress cracking was 
achieved. Alloys, such as Types 304 and 316, have been used for regenerator 
reboiler tubes that handle little or no H

2
S. Titanium tubes have been used in 

units handling CO, but they may hydride in service. Carbon steels with a low 
level of inclusions, inclusion shape control, or both may provide improved 
resistance to hydrogen blistering, HIC and SOHIC. These steels should be 
evaluated for potential use in equipment that handles rich amine solutions, and 
in the regenerator overhead, especially cyanides are present. In some units, 
operating conditions in the bottom of amine absorbers or contactors are 
conducive to hydrogen damage despite relatively low temperatures. Carbon 
steels with a low level of inclusions or inclusion shape control might also be 

                                               
7 API RP-945 
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useful in these locations. However, it should be noted that these steels are not 
immune to blistering and cracking. Austenitic stainless steel cladding, lining, or 
weld overlay can offer alternative methods of protection in areas where chronic 
cracking or hydrogen blistering occurs. 

1.9.5.1.2 Corrosion 

Potential damage mechanisms in amine service for carbon steel include 
corrosion and various environmental cracking mechanisms. Corrosion in carbon 
steel can occur due to degradation of the amine, especially MEA, or elevated 
levels of heat-stable amine salts (HSAS). High levels of dissolved carbon dioxide 
may also result in corrosion, especially when the carbon dioxide comes out of 
solution. Corrosion can be in the form of uniform metal loss, localized attack 
and/or pitting.  

Carbon steel corrosion in amine treating processes is a function of a number of 
inter-related factors, the primary ones being temperature, the concentration of 
the amine solution and the acid gas content of the solution (“loading”).  

Corrosion is a strong function of temperature with increasing temperature 
increasing corrosion. The high alkalinity of the amine minimizes corrosion until 
temperatures in excess of about 250°F are reached. Above 250°F, carbon steel 
corrosion is significant and special alloys and/or inhibitors are required. 

The amine solution strength also influences corrosion. Amine solution strength 
is the sum of the free amine concentration and the amine tied up as heat stable 
salts. Industry guidelines and company experience indicate that the upper limits 
for DEA concentrations are about 25 to 30 wt./%. Above this level serious 
corrosion is often encountered because high concentrations require increased 
regeneration temperatures, which tend to degrade the amine.  

Another important factor in amine corrosion is the presence of amine 
degradation products, usually referred to as HSAS. HSAS formed by the reaction 
between amine and acids or oxygen in the feed are detrimental to amine plants 
in several ways. First, they are corrosive to carbon steel. The salts also reduce 
the amine available to react with acid gases.  

Acid gas loading is reported in terms of moles of acid gas per mole of active 
amine. A “rich” solution is amine of higher acid gas loading and “lean” solution 
has lower acid gas loading (typically < 0.1 mole/mole). To control corrosion and 
optimize plant operation, heat stable salt concentration in the amine should be 
monitored and limited. In H

2
S + CO

2
 systems, rich loading is often limited to 0.35 

to 0.45 mole/mole. Chevron has their own proprietary amine best practice for 
controlling corrosion and environmental cracking in amine services. A review of 
Chevron’s best practice, as compared with published industry guidelines, such as 
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API-571 and API-581, show that the control limits in their best practice are 
similar to published values.  

Secondary contributors to corrosion include high velocity/turbulence, two phase 
flow and solution cleanliness. Contamination or degradation of amine solutions 
can lead to serious corrosion and foaming. Operating and corrosion problems 
usually begin when the circulating solution gets dirty. For long, trouble-free 
solution life, it is necessary to recognize these problems and to know how to 
prevent them. Contaminants can be degradation products, heat-stable salts, 
oxygen, dissolved hydrocarbons, liquid hydrocarbons, and solids. Degradation of 
amines can occur by several mechanisms. Amines oxidize readily in the presence 
of oxygen and form corrosive organic acids. To prevent oxidation, the amine 
storage and surge vessels should be gas blanketed to keep air out of the system. 
Air leakage into a hot system (pump suctions) causes serious problems. 

1.9.5.1.3 Environmental Cracking 

Environmental cracking refers to corrosion cracking caused by a combination of 
conditions that can result in SSC, HIC associated with hydrogen blistering, 
SOHIC, or alkaline stress-corrosion cracking (ASCC). The first three mechanisms 
are more common in rich amines. ASCC found in amine applications is typically 
identified as amine cracking. The pH and temperature are lower in amine 
cracking than other ASCC mechanisms, i.e., caustic cracking. Amine SCC has 
been reported in MEA service at temperatures as low as 40C (100F) with un-
stress-relieved carbon steel equipment. 

Amine cracking is most often associated with lean amines in contact with welded 
carbon steels without a post weld heat treat. Amine cracking does not reportedly 
occur in fresh amine solutions and the likelihood of cracking in rich solutions is 
low.  

1.9.5.1.4 New Amine Contactor/Regenerator Reliability Impacts. 

As discussed in the above amine damage mechanism discussion section, the 
corrosion of metals and alloys commonly employed in amine systems is not 
based on the amine itself, but on corrosive species absorbed by the amine, most 
commonly CO

2
 and H

2
S. The mitigation and control of excessive corrosion is 

based on maintaining the amine solution under controlled conditions of solution 
strength, acid gas loading and heat stable salts amine salts. The selective use of 
corrosion resistant alloys (CRA’s) and maximum amine velocities is also 
employed where necessary to control corrosion to acceptable levels. Chevron’s 
Amine Best Practice Guidelines document (Chevron [n.d.2]) is used to monitor 
and control amine system parameters within specified limits to maintain 
corrosion within manageable (safe) limits. The Chevron Amine Best Practice 
document defines operating parameters for the amine units, including maximum 
amine loading (H

2
S content) and velocities.  
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Chevron has assured that the amine units will continue to operate in compliance 
with their best practice guidelines. Compliance is assured by daily calculations 
for amine loading and velocity. These calculations are done in their Process 
Engineering (Process Monitoring and Optimization) PMO system. Inputs to the 
PMO calculations include laboratory data and process data. The laboratory 
results are based on a master sample schedule for each refinery unit. Each 
morning the sample schedule downloads sample tags to the respective control 
houses for that day's samples. 

1.9.5.2 Amine Systems Recommendations 

It is recommended that Chevron review ongoing sampling results (per Best 
Practice timing plus vendor sampling and reports) to determine if post-
Modernization Project amine loading and HSAS are impacted by any increase in 
H

2
S to the TKC Unit. This should be done prior to the commencement of 

Modernization Project operations. 

1.9.6 Sulfur Recovery Unit 

The only physical or operational change to the sulfur recovery unit that was 
considered to be impacted by the Project is the installation of small diameter 
liquid oxygen piping to the reactor burners via a new 304 stainless steel line. 
This is a physical change that will be addressed in an upcoming PHA re-
validation. Therefore, the only recommendations believed necessary associated 
with the new liquid oxygen piping to mitigate risk are those typically associated 
with new construction and the special design and installation precautions 
associated with oxygen piping systems, i.e., design and installation best practice 
details common in industry for oxygen piping systems, including pre-
commissioning cleaning of the piping interior to remove harmful materials such 
as dirt, debris, iron, grease and other contaminants known to cause ignition of 
pure liquid and gaseous oxygen.  

1.9.7 Sour Gas Systems 

Damage mechanisms in HP units have been discussed elsewhere. Excluded from 
the hydroprocessing scope, and covered separately in this section, are sour gas 
(fuel gas) streams from two and three phase separator vessels in the HP units, 
plus some smaller streams from the crude and SDA units.  

The facility sour gas system refers to the piping networks that transfer sour gas 
from the HP units to the H

2
S absorbers (amine units). The sour gas system 

basically becomes extinct upon entering the H
2
S absorbers, as the amine in the 

amine contactors absorbs the H
2
S from the feed gas into the amine in the unit. 

This system should not experience any change in corrosion activity as a result of 
feedstock changes from the Modernization Project. Sour water is covered in the 
next section.  
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1.9.7.1 Sour Gas Process Description 

The sour gas system is the piping network that moves sour gas from the 
processing units to the H

2
S absorbers in the Facility’s sour gas plants. The South 

Yard plants in D&R (such as the crude unit) have their sour gas routed to the #5 
H

2
S plant. The fluid catalytic cracker unit in the North Yard routes all of its sour 

gas to the to the #3 H
2
S plant. This plant is dedicated to just the fluid catalytic 

cracker to keep the olefins in that process gas segregated. The North Yard RLOP 
and hydro plants route their high pressure sour gas preferentially to the North 
Yard H

2
S absorber at 20 plant. The 20 plant is the preferred routing for these 

streams because it has a PSA facility to recover the high hydrogen content. The 
portion of the RLOP and hydro high-pressure streams in excess of 20 plant 
capacity are sent to #4 H

2
S. The medium and low pressure sour gas streams from 

hydro and RLOP will fill #4 H
2
S to capacity with the excess routed to the South 

Yard #5 H
2
S. The sour gas system basically becomes extinct upon entering the 

H
2
S absorbers as the amine in the amine contactors absorbs the H

2
S from the 

feed gas into the amine in the unit. 

1.9.7.2 Materials 

The sour gas streams contain varying amounts of H
2
S and ammonia so 

ammonium bisulfide corrosion is the primary concern. The North Yard Sour Gas 
Handling Project, executed in 2005 through 2008, has significantly addressed 
ammonium bisulfide corrosion and has the refinery well postured for the impact 
of the Modernization Project. The sour gas project installed an ammonia 
scrubber, C-771, to remove ammonia from certain high ammonia content 
streams. It also installed a stainless steel line for handling "wet" streams that are 
operating near their water dewpoints. This stainless steel line extends from V-
470 at the TKC to 4 H

2
S and 20 plant. The remaining South Yard sour gas 

systems have much lower ammonia than the North Yard and therefore less 
ammonium bisulfide; these systems are essentially all carbon steel.  

1.9.7.3 Damage Mechanisms 

There are two primary corrosive constituents generated in HP units that can act 
as damage mechanisms in sour gas systems: (1) sulfur, which is converted to H

2
S 

in the reactor; and (2) nitrogen, which is converted to ammonia in the reactor. 
The two corrosive species will combine to form ammonium bisulfide, based on 
stoichiometric availability and thermodynamic conditions. As H

2
S is usually the 

predominant corrosive species in HP units, including the Chevron Richmond 
units, any excess H

2
S will also be present in the vapor phase. Thus, ammonium 

bisulfide and wet H
2
S corrosion are the potential damage mechanisms associated 

with sour gas systems.  

The presence of liquid water is a requirement for both of the above damage 
mechanisms to be active. Under the right conditions of partial pressure and 
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temperature, ammonium bisulfide can condense from H
2
S and ammonia in vapor 

phase streams downstream of the reactor. It can also be absorbed in a water 
phase downstream of water wash injection points. Ammonium bisulfide salt 
deposits are hydroscopic; therefore, can potentially absorb water from water 
vapor in the process vapor stream. The corrosivity of sour gas streams (and sour 
water) can potentially increase, based on post-Modernization Project conditions, 
from: (1) an increase in sulfur to the HP units; (2) an increase in nitrogen to the 
HP units; or (3) from an increase in both constituents.  

1.9.7.3.1 Wet H
2
S Damage 

If the sulfur feed to an hydroprocessing (HP) unit increases, the H
2
S content in 

the reactor outlet stream and thus, in the HP overhead system will increase. 
However, because the overhead piping and equipment operates at temperatures 
substantially below that where high-temperature sulfidation becomes a threat 
(~450F), any increase in H

2
S will only be a threat if water vapor containing H

2
S 

were to condense. Also, while the H
2
S content of certain HP overhead systems 

will increase with the Project, the increase will not necessarily result in an 
increase in wet H

2
S damage mechanisms, as these streams are already NACE sour 

under existing conditions. Therefore, based on an increase in post-
Modernization Project sulfur and nitrogen to the HP units, the primary impacted 
damage mechanism in the sour gas streams will be that based on ammonium 
bisulfide corrosion. Wet H

2
S corrosion in the sour gas piping will be covered 

under Chevron’s existing wet H
2
S inspection program.  

1.9.7.3.2 Ammonium Bisulfide Corrosion 

Any increase in H
2
S will not cause an increase in ammonium bisulfide corrosion 

over existing conditions, as no more ammonium bisulfide can be formed than 
the amount of ammonia formed in the reactor, as ammonia is the controlling 
(limiting) species in the formation of ammonium bisulfide in the HP units. 
However, the amount of ammonium bisulfide in the sour gas can increase under 
Project conditions with an increase in ammonia content of the sour gas streams 
if not removed in the wash water, based on increased nitrogen to the HP reactor. 

Ammonium bisulfide corrosion can manifest itself in several forms for carbon 
steel, low alloy steels and corrosion resistant alloys (CRA’s) equipment and 
piping. Depending on the partial pressure of ammonia, H

2
S and temperature, 

ammonium bisulfide can condense from a vapor phase to form a ammonium 
bisulfide salt that can deposit out on surfaces causing under-deposit corrosion 
and fouling. The ammonium bisulfide deposits are hydroscopic and can absorb 
moisture from a vapor stream creating a corrosive environment under the 
deposit. When condensed in a liquid water stream it can cause more uniform 
corrosion, with the corrosion rate increasing with increasing ammonium bisulfide 
concentration in the water and water velocities and turbulence.  
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Different HP reactor effluent water washing schemes result in either a low or 
moderate NH

3
 level in each complex’s sour gas stream. lt is the high severity HP 

units that will generate the large amounts of H
2
S and ammonia in their reactor 

effluent streams. RLOP/TKN/TKC are the sour gas producers at Chevron. In these 
units the preferential routing is to send the high pressure gas to the H

2
S 

absorber at 20 plant. The high pressure gas that does not go to 20 plant is 
combined with medium pressure gas from RLOP and routed to the H

2
S absorber 

at 4 H
2
S. The excess medium pressure sour gas is routed to the South Yard and 

the H
2
S absorber at 5 H

2
S. The sour gas system basically becomes extinct upon 

entering the H
2
S absorbers as the amine in the amine contactors absorbs the H

2
S 

from the feed gas into the amine in the unit. 

The sour gas system in the RLOP/TKN/TKC units includes pressure vessels and 
piping. The piping is considered more susceptible to corrosion damage, 
compared with the vessel, based on the relative amount of piping vs. equipment 
and the increased opportunity to reach dew point conditions, based on long runs 
of uninsulated piping. As previously mentioned formation of ammonium 
bisulfide salt condensed from a vapor stream is possible; however, the 
susceptibility to ammonium bisulfide condensation and the location of any 
potential salt formation can be predicted relatively easily using Figure A-1 in API -
932-B, Design, Materials, Fabrication, Operation, And Inspection Guidelines For 
Corrosion Control In Hydroprocessing REAC Systems.  

The analysis included foreseeable nitrogen levels, including those under the 
more probable P-50 sulfur case and the improbable P-90 sulfur case, which 
includes a nitrogen range of 1138 ppm to 1541 ppm. Additionally, because the 
analysis in Appendix 4.3-MET concludes that “it is likely that the crude oils 
processed by the Refinery if the Modernization Project is implemented have the 
potential to contain additional nitrogen”, a sensitivity analysis was completed 
that evaluated nitrogen levels at much higher levels (up to 1877, or 22% higher 
than the high nitrogen case of 1541 ppm). 

The elevated nitrogen case of 1877 ppm will increase the ammonia content of 
the RLOP and TKN high pressure sour gas streams. For the ammonium bisulfide 
condensation evaluation it was assumed that the post-Modernization Project 
ammonia content will increase by 50%, which is the increase in LNC and HNC 
feed nitrogen. Using Figure A-1 in API-932-B, the salt formation temperature was 
calculated at 40F. The RLOP stream operates well over 100F; therefore 
ammonium bisulfide salt formation from the RLOP sour gas is considered 
unlikely. The TKN sour gas NH

4
HS salt formation temperature was calculated at 

52 F and the TKN sour gas stream operates above 160 F; therefore ammonium 
bisulfide salt deposits in the TKN sour gas stream is also considered unlikely The 
ammonia content of the TKC sour gas is orders of magnitude less than TKN (32 
ppm vs. 1400 ppm); therefore ammonium bisulfide salt formation from TKC sour 
gas is even less likely than in TKN or RLOP. Therefore, corrosion from 
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ammonium bisulfide salt formation in the high severity sour gas systems is 
considered to be highly unlikely with the much higher sour gas operating 
temperatures compared with calculated salt formation temperatures and 
considering the relatively high, mean low atmospheric temperatures in the 
Richmond, CA area.  

The other potential post-Modernization Project damage mechanism for sour gas 
is corrosion by ammonium bisulfide at water dew point conditions. Recognizing 
this potential in the higher severity sour gas HP units Chevron has upgraded 
some carbon steel piping containing sour gas at relatively high water dew points 
to stainless steel where water condensation was expected to occur. Thus, there 
is a mix of carbon steel piping and stainless steel piping handling sour gas to 
the H

2
S absorbers. As Chevron has not conducted water dew point calculations 

for all carbon steel sour gas piping on a P&ID level and there could still exist 
small diameter tie in lines, dead legs and low points in the piping where sour 
water could condense, the actual risk of corrosion in the sour gas system is not 
known with certainty. Therefore, it is prudent to assume that some sour gas 
carbon steel piping is at risk and institute mitigation steps to minimize this risk.  

1.9.7.4 Sour Gas Recommendations 

1. Based on the potential risk of ammonium bisulfide corrosion in carbon steel 
due to the possibility of the sour gas condensing at locally cool portions of 
piping, Chevron should develop and implement a mitigation plan for this 
eventuality. The mitigation plan is to include reviewing sour gas P&IDs and 
isometric drawings to locate low points where water could accumulate, locate 
dead legs and establish inspection/monitoring plans for verifying if and 
where water is condensing out of the vapor phase. This should be conducted 
within 1 year of commencement of Modernization Project start-up.  

2. Chevron should conduct a review to confirm their post-Modernization Project 
assumptions made during this review regarding ammonium bisulfide 
concentrations, dew points and potential for salt condensation in the sour 
gas piping, at the 2.25 wt. % and 2.75 wt. % average annual sulfur content 
trigger points. 

3. Develop IOWs per draft API -584 for identified damage mechanisms for the 
sour gas system. These IOWs should be established prior to the 
commencement of Modernization Project operations. 

1.9.8 Sour H
2
O Systems and Plants (WWT) 

1.9.8.1 Process Description 

The sour water systems (in some cases “WWT” is used in Chevron terminology) 
includes the sour water vessels and piping from the Chevron HP units that collect 
the sour water from the accumulator water boots and transports it to the sour 
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water stripper for stripping of H
2
S and ammonia from the water. The “stripped 

sour water” then can be reused as wash water in various refining units requiring 
a non-corrosive water for water washing, including HP units and the crude unit.  

The sour water piping system is depicted in two block diagrams shown in Figure 
A4.13-REL-16 and Figure A4.13-REL-17. These diagrams show the concentrated 
sour water from the LNC, HNC, TKC and TKN flow through degassers and on to 
concentrated sour water tankage in TK-3220. Also combining in TK-3220 is a 
concentrated sour water stream from the sour water concentrators. The sour 
water concentrators process an accumulation of many dilute sour water streams 
with an estimated NH4HS content of 0.6 wt.%. This is below the threshold of 
where ammonium bisulfide is considered to be corrosive in carbon steel piping. 
The sour water concentrators generate a bottoms product suitable for effluent 
water and an overhead product of concentrated sour water. TK-3220 
concentrated sour water serves as feed to both sour water plants (i.e., #8 Plant 
and #18 Plant, which operate in parallel). The high nitrogen crude sensitivity 
case is projected to raise the NH

4
HS content of the feeds to the sour water plants 

by an estimated 12% over the 2012 baseline. That baseline NH
4
HS content was 

8.4 wt.%, which brings the high nitrogen case NH
4
HS to 9.4 wt.%. From tankage 

the sour water is routed to the sour water stripper (SWS) for further processing. 
In all cases, the sour water streams in the block diagram are within Chevron’s 
HP-002 BP guidelines (Chevron [n.d.3]) for controllable corrosion rates.  

1.9.8.2 Sour Water Damage Mechanisms 

The primary damage mechanisms in the sour water system and WWT plants are 
ammonium bisulfide (sour water) corrosion and wet H

2
S cracking. The corrosivity 

of sour water primarily depends on: (1) the concentration of ammonium bisulfide 
in the water, typically expressed as wt. %; (2) the H

2
S partial pressure and, (3) the 

liquid velocity or shear stress imposed on the piping wall. Even though sour 
water can be corrosive, the sour water boots of separation vessels and sour 
water piping to offside processing in the Facility's hydroprocessing plants is 
successfully handled in carbon steel piping due to the low velocities. A 
combination of Hastelloy, stainless steel and carbon steel piping are employed in 
the #8 Plant and #18 Plant. 

1.9.8.3 Damage Mechanism Mitigation Discussion 

Corrosion due to sour water is typically mitigated by controlling velocity and/or 
using alloys to resist higher combinations of ammonium bisulfide or velocity. 
Much of this type of knowledge is captured in API -932-B. The majority of the 
corrosion concerns in Chevron’s WWT plants are in the overhead systems of the 
NH

3
 stripper column where NH

4
HS corrosion can be a concern and secondarily 

the H
2
S stripper column where H

2
S goes out the top of the stripper column. In the 

sour water plants, the ammonia stripper overhead condenser tube metallurgies 
are either Titanium (#8 Plant) or Hastelloy (#18 Plant) to resist ammonium    





Source: Chevron (T85)
  

file path\: U:\Chevron Renewal\ENVIRON Files\Report\Figures\DEIR Figures\REL02.20.2014

Figure A4.13-REL-17

Chevron Refinery Modernization Project EIR
Sour Water Block Flow Diagram
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bisulfide corrosion. Additionally, the piping from the NH
3
 stripper overhead 

condensers to the stripper accumulator is Hastelloy. 

1.9.8.4 Sour Water Systems Recommendations 

1. The block diagrams shown in Figure A4.13-REL-16 and Figure A4.13-REL-17 
do not include detailed information at the P&ID level. Also, information is 
lacking on the sour gas streams in the overhead of the H

2
S and NH

3
 strippers 

in the SWS unit. (However, for purposes of the review the overhead systems 
of the WWT plants were deemed to be out of scope.) The impact of post-
Modernization Project corrosion from sour water corrosion should be 
minimal, based on the Reviewer’s analysis of the sour water streams. 
However, based on a lack of detail at the P&ID level Chevron should conduct 
a review of their sour water piping inspection programs at the 
P&ID/Inspection Isometric level (including to ensure that low points, galvanic 
metal couple locations and CMLs are properly captured) to ensure that their 
program is sufficient to detect any ammonium bisulfide corrosion in the 
system. This should be completed prior to the commencement of 
Modernization Project operations.  

2. Chevron should conduct monitoring and sampling to confirm their 
assumptions regarding the ammonium bisulfide concentrations and 
velocities in the sour water piping and H

2
S concentrations in the H

2
S Stripper 

and NH
3
 Stripper overhead systems. This review should be conducted when 

average annual sulfur content levels reach 2.25 wt. % and again at 2.75 wt. %. 

3. The H
2
S stripper, NH

3
 stripper, ammonia stripper overhead condenser, and 

ammonia stripper reflux drum are all Category 2 Wet H
2
S vessels and 

therefore are included in Chevron’s wet H
2
S program. If a post-Modernization 

Project review of the assumptions regarding the severity of wet H
2
S damage 

in the overhead systems warrants a change in the categorization of the 
overhead wet H

2
S vessels, then a wet H

2
S cracking inspection should be 

conducted. This should be conducted within one year after commencement 
of Modernization Project operations. 

4. Continue as with the existing condition inspection, the X-ray and/or close-
grid UT inspection techniques for all of the overhead piping from the NH

3
 

stripper to the reflux drum, regardless of metallurgy. 

5. Develop IOWs per draft API -584 for identified damage mechanisms for the 
sour water system. The IOWs should be established prior to the 
commencement of Modernization Project operations. 
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1.9.9 Recovered Oil 

1.9.9.1 Recovered Oil Process 

The Facility recovered oil system includes two systems, D&R recovered oil that is 
processed in the crude unit, and North Yard (NY) recovered oil which includes 
cracking and hydroprocessing sources and is processed in the TKC Fractionator, 
C-710. The NY recovered oil is derived from the fluid catalytic cracker, 
hydroprocessing (RLOP, TKC/TKN/ISO), and SDA units. The HP units generate 
recovered oil in the reactor effluent water wash process. The SDA unit is also a 
contributor to NY recovered oil.  

1.9.9.2 Damage Mechanism Impact Analysis 

The D&R recovered oil is recovered from the crude unit desalter as an oil/water 
emulsion layer. The recovered oil is injected into the flash drum vapor stream 
from V-1103 which then enters the flash zone of the C-1100 atmospheric tower 
at nozzle Nl7. This recovered oil will contain the same amount of sulfur as being 
fed to the unit and will also include organic and inorganic chlorides from the 
desalter that will not be captured by the desalter and will travel overhead in the 
crude unit, potentially contributing to HCL and ammonium chlorides in the 
overhead water. The V-1103 vapor stream typically is 295°F and the recovered oil 
is at ambient temperature. The temperature of the tower where the combined 
recovered oil/V-1103 vapor stream enters is 685°F, but the nozzle is overlaid 
with 300 series stainless steel and this portion of the tower is clad with 410SS; 
therefore, no sulfidation corrosion is expected at the injection location of the 
D&R recovered oil stream because of the stainless steel metallurgy. Chlorides in 
the recovered oil would hydrolyze to HCL in the crude charge furnace and travel 
overhead where they would either condense out in the wash water or combine 
with ammonia to form ammonium chlorides. The HCL or ammonium chlorides 
would be mitigated in the same manner as the residual chlorides in the desalted 
crude going to the crude tower by the ammonia additions and by dilution from 
the crude tower overhead wash water. In either case, corrosion due to chloride 
salts was not considered to be a post-Modernization Project damage 
mechanism(s) as chlorides were shown to not be correlated with increased sulfur 
or lower API gravity feeds. 

The post-Modernization Project NY recovered oil will also not cause an increase 
in corrosion severity as the fluid catalytic cracker feed sulfur will not increase 
from the existing setting specification requirements. For the same reason the 
sulfur level in the HP units downstream of the reactor will not change with the 
Modernization Project. Therefore, any increase in sulfur in the NY recovered oil 
should not result in an increase in post-Modernization Project corrosion.  

The sulfur content of the SDA feed will increase with the Modernization Project. 
However, the hydrocarbon stream from the SDA unit comprising the recovered 
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oil would be the pentane solvent which has negligible sulfur. Therefore, since the 
sulfur levels in the NY recovered oil will not change, the corrosion rate of the 
injection location in to C-710 should not increase. 

1.9.9.3 Recovered Oil Recommendations 

If not already present, add CML locations to the C-710 injection nozzle and 
adjacent C-710 tower shell so that the assumptions regarding post-
Modernization Project corrosion rates not increasing in severity can be verified. 
Implement prior to the operational startup of the Modernization Project. 

1.10 SUMMARY OF CONCLUSIONS AND RECOMMENDATIONS 

1.10.1 Overall Conclusions and Recommendations 

In addition to the specific technical recommendations corresponding to each 
process unit, the Reviewer made several general observations and 
recommendations of broader applicability, as follows8: 

Observation: The Facility has many sound appropriate procedures, best 
practice documents and technically qualified corrosion and materials 
engineering personnel to manage damage mechanisms associated with 
existing setting and post-Modernization Project refining processes. 

Observation: Chevron’s subject matter experts (SME’s), who are primarily 
responsible for understanding and advising on damage mechanisms and 
their prevention, show a strong commitment to this responsibility. 

1. Recommendation: Chevron should ensure that its organizational 
communication procedures and work processes incorporate mechanisms by 
which risk concerns, corrective actions, and recommendations that are 
identified (e.g., during inspections, turnarounds, audits, PHAs, etc.) by 
personnel (or contractors) are addressed, reviewed and authorized by 
management as appropriate, tracked, and closed out, and that the rationale 
for any decision not to implement a recommendation or corrective action, or 
otherwise address a risk concern, is clearly documented. 

2. Recommendation: Chevron should further clarify and incorporate into its 
mechanical integrity program and program documents periodic reviews of 
work processes, procedures, inspection strategies, etc. to account for 
physical, operational and organizational changes over time, that could affect 
the assumptions that went into the original decisions. Examples that 

                                               
8 The Reviewer has been informed by Chevron that the Facility is implementing corrective 
actions, resulting from the August 6, 2012 fire, that Chevron asserts address, at least in 
part, the recommendations below. The Reviewer did not independently review these 
corrective actions or the status of their implementation, so does not reach a conclusion 
regarding their adequacy to address the recommendations. 
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illustrate this include: (1) periodic reviews of inspection CML densities and 
placements to ensure that unpredictable damage mechanisms can be 
detected; and (2) reviews of wet H

2
S damage risk, based on crude feed 

constituent changes. Chevron reports - though this Reviewer did not 
independently verify - that Chevron is developing "asset strategy plans" for 
each process unit, and that the development of the asset strategy plans will 
address this recommendation by including review of inspection procedures, 
working documents, CMLs, and damage mechanisms, and that the asset 
strategy plans will identify and implement changes needed to each as a result 
of the review. Whether called an "asset strategy plan" or otherwise included in 
another safety program (e.g., included as part of the Richmond Industrial 
Safety Ordinance documentation), Chevron should clarify its implementation 
tracking process for changes needed as a result of these periodic reviews. 

3. Recommendation: Chevron should leverage its existing infrastructure and 
technology to lessen the reliance on human interaction in responding to 
potential risks, including for example Chevron's current pilot project to 
implement Integrity Operating Windows per the guidelines of the draft API-
584 Recommended Practice for the crude unit. Chevron should extend the 
pilot project to the remaining operating units.  

4. Recommendation: Chevron should review its Positive Material Identification 
(PMI) Procedure for compliance with API-578, Material Verification Program 
for New and Existing Alloy Piping Systems, based on PMI inspection of 
equipment and piping during shutdown/ dismantling/disassembly, and make 
revisions, as warranted, to ensure that Chevron's PMI Procedure conforms to 
API-578.  

5. Recommendation: Chevron should review and modify its Piping Inspection 
Procedure to incorporate an engineering review of thickness inspection data 
with near term “Flag” dates for high risk equipment/piping to assure that the 
actual minimum thickness associated with the Flag date has either been 
verified through inspection or, alternatively, the inspection data analyzed 
with techniques such as a statistical analysis (95% CL or extreme value 
analysis) to evaluate what risk is involved if the actual minimum thickness 
was not measured. 

1.10.2 Specific Recommendations 

The following recommendations for specific processes should be implemented 
prior to commencement of post-Modernization Project operations, unless 
otherwise indicated. 

1.10.2.1 Crude Unit Recommendations 

The operational and feedstock changes contemplated by the Modernization 
Project have the potential to increase the risk of accidental release of hazardous 
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substances associated with increasing damage mechanism activity. Specifically, 
increases in sulfur content of feedstocks, increased hydrogen purity produced by 
the new hydrogen plant, or increased H

2
S partial pressures in hydroprocessing 

plants recycle streams could all contribute to increased damage mechanism 
activity post-Modernization Project, thereby warranting the implementation of 
the following preventive measures.  

1. Based on the results from the F-1100 radiant tube sulfidation analysis, 
Chevron should monitor the post-Modernization Project sulfur content 
being fed to the crude unit and use a 2.0 wt. % sulfur content of feed as a 
trigger to conduct a review of the F-1100 crude charge furnace to study 
whether the 5Cr radiant tubes are safe to operate until the 2017 
shutdown.  

2. Chevron’s analysis of the atmospheric column furnace F-1100 does not 
include conclusive evidence as to the present creep/stress-rupture 
condition of the tubes. Therefore, it is believed that some additional 
actions are required in order to lower the risk of a creep/stress-rupture or 
sulfidation failure in a F-1100 tube under post-Modernization Project 
operating conditions. Acceptable options to lower the risk of heater tube 
failures include: 

• Furnace F-1100: Option 1, complete all of the following actions: 

o Complete a full internal tube inspection for F-1100 during the 4th 
quarter 2017 crude unit turnaround using intelligent pigs. 

o Conduct testing on the two currently available, radiant section 
tubes from the F-1100 Furnace to verify their existing 
metallurgical, physical and mechanical properties, plus remaining 
creep life using accelerated Omega creep testing as an input to 
decide whether the F-1100 furnace should be retubed during the 
2017 shutdown. 

o Conduct additional metallurgical, physical, mechanical and Omega 
creep testing on radiant furnace tube samples to be removed 
during the 2017 shutdown, depending on the results of the 
Omega testing planned for the 2012 furnace tube samples. 

o In 2017, replace tubes as needed in F-1100, per Chevron’s 
replacement criteria for furnace tubes. The replacement criteria 
are based on the minimum furnace tube thickness on the furnace 
Safety Instruction Sheet and remaining wall thickness collected by 
intelligent pig data. 
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o Install at least three Permasense® continuous monitoring 
ultrasonic thickness gauge monitors in each of the furnace outlet 
systems. If the monitors indicate an increase in corrosion rates 
greater than 5 mpy, review the need for additional mitigation 
actions. 

• Furnace F-1100: Option 2: 

o Retube the F-1100A/B furnace during the 2017 turnaround 
with 9Cr or higher alloy tubes.  

3. The vacuum column furnace, F-1160, is constructed of 5Cr radiant 
furnace tubes. The recommended actions for this furnace are as follows:  

• Complete a full internal tube inspection for F-1160 during the 2017 
crude unit turnaround using intelligent pigs. 

• In 2017, replace tubes as needed in F-1160 per Chevron’s 
replacement criteria for furnace tubes. The replacement criteria are 
based on the minimum furnace tube thickness on the furnace Safety 
Instruction Sheet and remaining wall thickness collected by intelligent 
pig data. 

4. Conduct laboratory analyses to more accurately determine crude and 
crude blend sulfur speciation and H

2
S evolution, which could be used to 

predict likely crude corrosion rates. This should be done by the end of 
the fourth quarter of 2015. 

5. Develop integrity operating windows (IOWs) for critical crude unit 
operating parameters per the guidelines in the draft version of API-584. 
This should be done by the end of the third quarter of 2014. 

6. The Crude Splitter software is used to predict the distribution of the 
sulfur in the atmospheric tower sidecut and bottom streams. Verify the 
Crude Splitter predicted sulfur results with post-Modernization Project 
data on the sulfur-containing streams within the first year of operation 
following the implementation of the Modernization Project if the trigger 
points (2.25 wt. % sulfur and 2.75 wt. % sulfur) noted in the 
Modernization Project Reliability Program are reached. 

7. Revise the asset integrity plans for the crude unit atmospheric column 
reflux drum (V-1100), the stabilizer column reflux drum (V-1190), and the 
vacuum column overhead seal drum (V-1160), to include inspection for 
wet H2S damage. An external automatic ultrasonic testing inspection of 
representative sections of the "water wet" portions of V-1100, V-1160 and 
(V-1190) vessels should be conducted as a baseline before the start of 
post-Modernization Project conditions, then checked externally again 
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approximately one year after the start of the Modernization Project 
conditions. In addition, a one-time internal inspection should be 
conducted of the these vessels during the scheduled maintenance 
turnaround after the start of Modernization Project conditions, using 
eddy current or other approved internal inspection techniques per the 
Chevron Wet H2S program. 

8. Develop a process monitoring plan for the crude unit overhead to confirm 
any impacts of the increased sulfur levels. The monitoring plan should be 
implemented post-Modernization Project and should include: 

• Process sampling of the accumulator for pH, chlorides, iron and H
2
S 

content. Compare to established IOWs; 

• Monitor desalter pH; 

• Analyze the atmospheric tower post-Modernization Project to quantify 
if, and how much, increased H

2
S is in the overhead system resulting 

from the increased sulfur feed to the unit; 

• Higher mercaptan crudes could lead to increased sulfidation 
corrosion rates in the jet or kerosene cuts. Modify asset integrity 
plans to monitor for potential increased corrosion if higher mercaptan 
crudes are run compared with current and historic crude and crude 
blends; and 

• Review the asset integrity plan to ensure that the Permasense 
continuous ultrasonic monitoring locations are properly placed to 
ensure early detection should corrosion rates increase significantly 
beyond expectations per the McConomy curve predicted rates. 

9. The reliability review for the Modernization Project has identified 
seventeen (17) piping circuits in the crude unit that warrant replacement 
based on post-Modernization Project operation conditions. The Facility 
has committed to accelerating the replacement of these circuits during 
the next scheduled turnaround for the crude unit, no later than end-of-
year (EOY) 2017, as detailed above in Section 1.9.2.8.5, High 
Temperature (HT) Sulfidation, Table A4.13-REL-5. 

The reliability review for the Modernization Project has also identified 
four partial piping and valve replacements in the crude unit that warrant 
replacement based on reasonably foreseeable post-Moderization Project 
operating conditions. Chevron has committed to accelerating the 
replacement of these partial components during the next scheduled 
turnaround for the crude unit, no later than end-of-year (EOY) 2017, as 
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shown above in Section 1.9.2.8.5, High Temperature (HT) Sulfidation, 
Table A4.13-REL-6. 

10. As with all piping circuits in the Facility, new 9Cr circuits should be 
regularly monitored and inspected. Beginning one year from 
commencement of Modernization Project operations, the Facility should 
provide annual reports to the City summarizing the monitoring and 
inspection results for the identified circuits as noted above. These reports 
shall, at a minimum, include the following information: 

• A list of all piping circuits identified as potentially susceptible to 
sulfidation corrosion, including specifically piping circuits identified 
during the reliability review for the Modernization Project as being 
susceptible to sulfidation corrosion and subject to potential process 
changes; 

• A list of components identified through the 100% component 
inspection conducted following the August 6, 2012 incident pursuant 
to the methodologies set forth in the API-939-C - Guidelines for 
Avoiding Sulfidation (Sulfidic) Corrosion Failures in Oil Refineries and 
Updated Inspection Strategies for Preventing Sulfidation Corrosion 
Failures in Chevron Refineries (API-939-C, 2009) that may lack 
sufficient thickness to remain in service until the next scheduled 
turnaround; 

• A description of the solutions implemented with respect to 
components of insufficient thickness identified above; 

• A description of the current fixed inspection frequency for carbon 
steel piping circuits identified as potentially susceptible to sulfidation 
corrosion; 

• A description of any findings from inspection and monitoring of the 
piping circuits identified during the reliability review for the 
Modernization Project as being susceptible to sulfidation corrosion 
and subject to potential process changes that indicate that any of 
these circuits lack sufficient thickness to remain in service until the 
next turnaround, and a description of the solution to be implemented 
with respect to these circuits. 

11. Chevron shall obtain all required permits for replacement of these piping 
circuits pursuant to the California Building Standards Code, inclusive of 
the California Fire Code, and, once the piping circuits are replaced, shall 
submit copies of closed permits to the Planning Department to 
demonstrate compliance with this commitment. 
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12. Re-evaluate and report on the validity of post-Modernization Project 
operating and process assumptions made during the reliability review. 
The reliability review for the Modernization Project assumed that certain 
operating conditions would exist once the Project is implemented, 
including projected temperatures, sulfur levels, and corrosion rates for 
various process units and individual piping circuits. These assumptions 
were based on either the P50 sulfur case or a conservative 3.28 wt. % 
(P90) sulfur case. In order to verify that the assumptions made during the 
reliability review were accurate, the Facility will undertake the following 
actions: 

• When the sulfur weight percent of crude oil processed at the Facility 
reaches 2.25 wt. % sulfur on an annual average, and the again when it 
reaches 2.75 wt. % sulfur annual average, the Facility shall: 

o Assemble a reliability review team that will be made up of 
appropriate subject matter experts (SMEs), including a Senior 
Process Engineer, Senior ETC Materials and Corrosion Engineer, 
Refinery Materials Engineer and Process Operator; 

o For all damage mechanisms identified as being affected by the 
Project, and using then-current inspection and/or monitoring 
data, the reliability review team shall review, analyze, and, as 
necessary, update, the data and conclusions prepared during the 
reliability review for the Modernization Project to determine 
whether the assumptions made and conclusions reached during 
the reliability review accurately reflect actual post-Modernization 
Project operating conditions. 

o Review any changes associated with sulfur speciation that have 
resulted from the Modernization Project. 

o Review any operational or process changes that have occurred 
post-Modernization Project. 

o Make recommendations concerning material upgrades and/or 
enhanced inspection opportunities as necessary, based on the re-
evaluation. 

o Report on the results of this re-evaluation and any resulting 
recommendations. 

13. Installation and Monitoring of Additional Permasense® Monitors on 
Identified Circuits 

Since the beginning of 2013, the Facility has installed a total of 117 
Permasense® probes in the crude unit on six piping systems consisting of 
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carbon steel, 5 Chrome, and 9 Chrome materials. Permasense® is the 
trade name of a type of high-temperature ultrasonic device that is 
mounted on a pipe or vessel, and penetrates through insulation. It has 
wireless sensors that provide periodic equipment thickness readings (at 
variable intervals, but currently set to collect thickness data twice-a-day) 
to monitor a system. Due to noise and sensitivity, the technology is 
limited to longer-term trending (days and months vs. hours), which is 
appropriate for piping subject to sulfidation conditions with its 
predictable rates. 

The six piping systems on which the sensors were installed, were chosen 
based on past and projected operating conditions. The wireless probes 
collect pipe wall thickness data while the plant is operating, and are used 
to monitor corrosion rates. This long-term online monitoring program will 
be part of the reliability program to ensure safe operation of equipment 
after the Modernization Project commences operation. Thirteen of these 
piping circuits with Permasense® monitors installed have been identified 
for replacement and will be upgraded to 9 Chrome pursuant to the 
planned piping circuit upgrades described above and the Permasense® 
monitors will not be reinstalled on these circuits. In addition, as part of 
the Modernization Project, the Facility will install at least 25 additional 
Permasense® monitors on carbon steel circuits in the SDA unit. These 
sensors are being installed to confirm the predictive model results that 
there will be little-to-no sulfidation corrosion in the SDA unit post-
Modernization Project. 

Data from the Permasense® monitors will be utilized in the reporting 
obligations. 

14. Develop and implement physical or administrative controls to assure that 
carbon steel piping components downstream of high sulfur streams 
operating > 500°F are not inadvertently placed into continuous (e.g., 
placement of a warning tag, locked valve, double-block-and-bleed valves 
or other measures). This should be completed prior to the 
commencement of Modernization Project operations. 

15. Higher mercaptan crudes could lead to increased sulfidation corrosion 
rates in the jet or kerosene cuts. Conduct a historical review of purchased 
crudes and processed crude blends for the 90% confidence level of 
highest mercaptans processed and use this statistical number to set a 
review flag in the crude and gas oil acceptance procedure. If higher 
mercaptans crudes are run at the Facility, review the Permasense® 
corrosion rate data from this time period as part of the crude 
management of change lookback. This should be completed prior to the 
commencement of Modernization Project operations. 
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16. Add corrosion monitoring locations (CMLs) to the crude unit atmospheric 
column overhead piping (circuit 0955-003-001) at the termination of the 
Hastelloy internal overlay. This should include the termination of cladding 
in the vertical section of piping, as well as the termination point at the 
inlet to the E- 1101's. Review other, similar locations in the crude unit for 
missing dissimilar metal interface thickness monitoring locations (TMLs). 
This should be completed prior to the commencement of Modernization 
Project operations. 

1.10.2.2 Hydroprocessing Recommendations 

1. At the 2.25% wt. % sulfur in crude feed trigger point, evaluate and modify as 
warranted, based on any increased sulfur in this section of the unit, 
inspection plans (what, where and how often) for the distillation section of 
the HP units where sulfidation corrosion rates have been “erratic” and 
uncertain, per API-939-C. 

2. Report on the progress of the project to compare the HP-002 Best Practice 
Guideline regarding water wash to API-932-B recommendations to ensure 
that the HP-002 document is consistent with 932-B guidelines. This report 
should be submitted prior to the commencement of Modernization Project 
operations.  

3. Conduct process monitoring and sampling for post-Modernization Project 
operations for all HP units, to develop process data to confirm assumptions 
made during the damage mechanism review regarding amounts of H

2
S and 

ammonium bisulfide in the overhead systems. This shall be completed after 
commencement of Modernization Project operations.  

4. Develop IOWs for the HP units to incorporate existing critical reliability 
variables such as the wash water rate for NH

4
HS corrosion control. The IOWs 

shall be established prior to the startup of Modernization Project operations.  

5. If the REAC Corrosion Control Project (TKN) is not completed pre-
Modernization Project, conduct a review of current operations to ensure that 
corrosion rates will remain under REAC best practice guidelines with any 
increase in sulfur to the unit. This shall be completed prior to the startup of 
Modernization Project operations. 

1.10.2.3 SDA Recommendations 

1. Verify post-Modernization Project conditions regarding H
2
S content in the 

SDA overheads and target one or more “water wet” vessels for inspection 
using internal eddy current, external automatic ultrasonics (AUT) or other 
non-destructive evaluation (NDE) techniques appropriate for wet H

2
S cracking 

detection within one year of operation under post-Modernization Project 
conditions.  
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2. Conduct water boot analysis for corrosive constituents similar to that 
conducted in the crude unit on the unit overhead accumulator drums, 
including cyanides. This should be conducted at the 2.25 wt. % and 2.75 wt. 
% sulfur trigger points. 

3. When the sulfur wt. % of crude oil processed at the Facility reaches 2.25 wt. % 
sulfur on an annual average, and again when it reaches 2.75 wt. % sulfur 
annual average, the Facility shall trigger the same responses for the SDA 
plant as described in the recommendation section for the crude unit. 

4. Conduct a follow-up smart pig inspection of F-100 and F-120 furnace tubes 
during the first planned maintenance after the unit has seen at least 1 year of 
post-Modernization Project operating conditions.  

5. Install at least 25 additional Permasense® monitors on carbon steel circuits in 
the SDA unit including sulfidation “dead legs,” based on a critical review of 
historical corrosion rates. These sensors will confirm the predictive model 
results that there will be little-to-no increase in sulfidation corrosion in the 
SDA post-Modernization Project. These installations should be completed 
prior to the commencement of Modernization Project operations. 

6. Develop IOWs per draft API -584 for identified damage mechanisms in the 
SDA unit. The IOWs should be established prior to the commencement of 
Modernization Project operations. 

7. Develop process monitoring and sampling plans for post-Modernization 
Project operating conditions to confirm assumptions made during the 
damage mechanism review project. The monitoring and sampling plans 
should be developed prior to the commencement of Modernization Project 
operations, and should be implemented after commencement of Project 
operations, following an increase in sulfur content to the SDA unit. 

1.10.2.4 Amine Systems Recommendations 

It is recommended that Chevron review ongoing sampling results (per Best 
Practice timing plus vendor sampling and reports) to determine if post-
Modernization Project amine loading and heat stable amine salts (HSAS) are 
impacted by any increase in H

2
S to the TKC Unit. This should be done prior to the 

commencement of Modernization Project operations. 

1.10.2.5 Sulfur Recovery Unit Recommendations 

Associated with the new liquid oxygen piping, the Facility shall design and build 
new construction in conformance with the special design and installation 
precautions associated with oxygen piping systems, i.e., design and installation 
best practice details common in the industry for oxygen piping systems, 
including pre-commissioning cleaning of the piping interior to remove harmful 
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materials such as dirt, debris, iron, grease and other contaminants known to 
cause ignition of pure liquid and gaseous oxygen.  

1.10.2.6 Sour Gas System Recommendations 

1. Based on the potential risk of ammonium bisulfide corrosion in carbon steel 
due to the possibility of the sour gas condensing at locally cool portions of 
piping, Chevron should develop and implement a mitigation plan for this 
eventuality. The mitigation plan is to include reviewing sour gas P&IDs and 
isometric drawings to locate low points where water could accumulate, locate 
dead legs and establish inspection/monitoring plans for verifying if and 
where water is condensing out of the vapor phase. This should be conducted 
within 1 year of commencement of Modernization Project start-up.  

2. Chevron should conduct a review to confirm their post-Modernization Project 
assumptions made during this review regarding ammonium bisulfide 
concentrations, dew points and potential for salt condensation in the sour 
gas piping, at the 2.25 wt. % and 2.75 wt. % average annual sulfur content 
trigger points. 

3. Develop IOWs per draft API -584 for identified damage mechanisms for the 
sour gas system. These IOWs should be established prior to the 
commencement of Modernization Project operations. 

1.10.2.7 Sour Water System Recommendations 

1. The block diagrams shown in Figure A4.13-REL-16 and Figure A4.13-REL-17 
do not include detailed information at the P&ID level. Also, information is 
lacking on the sour gas streams in the overhead of the H

2
S and NH

3
 strippers 

in the SWS unit. (However, for purposes of the review, the overhead systems 
of the WWT plants were deemed to be out of scope). The impact of post-
Modernization Project corrosion from sour water corrosion should be 
minimal, based on the Reviewer’s analysis of the sour water streams. 
However, based on a lack of detail at the P&ID level Chevron should conduct 
a review of their sour water piping inspection programs at the 
P&ID/Inspection Isometric level (including to ensure that low points, galvanic 
metal couple locations and CMLs are properly captured) to ensure that their 
program is sufficient to detect any ammonium bisulfide corrosion in the 
system. This should be completed prior to the commencement of 
Modernization Project operations.  

2. Chevron should conduct monitoring and sampling to confirm their 
assumptions regarding the ammonium bisulfide concentrations and 
velocities in the sour water piping and H

2
S concentrations in the H

2
S Stripper 

and NH
3
 Stripper overhead systems. This review should be conducted when 

average annual sulfur content levels reach 2.25 wt. %, and again at 2.75 wt. 
%. 
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3. The H
2
S stripper, NH

3
 stripper, ammonia stripper overhead condenser, and 

ammonia stripper reflux drum are all Category 2 Wet H
2
S vessels and 

therefore, are included in Chevron’s wet H
2
S program. If a post-

Modernization Project review of the assumptions regarding the severity of 
wet H

2
S damage in the overhead systems warrants a change in the 

categorization of the overhead wet H
2
S vessels, then a wet H

2
S cracking 

inspection should be conducted. This should be conducted within one year 
after the commencement of Modernization Project operations. 

4. Continue as with the existing condition inspection, the X-ray and/or close-
grid UT inspection techniques for all of the overhead piping from the NH

3
 

stripper to the reflux drum, regardless of metallurgy. 

5. Develop integrity operating windows (IOWs) per draft API-584 for identified 
damage mechanisms for the sour water system. The IOWs should be 
established prior to the commencement of Modernization Project operations. 

1.10.2.8 Recovered Oil Recommendations 

If not already present, add CML locations to the C-710 injection nozzle and 
adjacent C-710 tower shell so that the assumptions regarding post-
Modernization Project corrosion rates not increasing in severity can be verified. 
Implement prior to the operational startup of the Modernization Project. 
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